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2019	BPSM	Industrial	Affiliates	
	

Aker	BP	
Bureau	of	Energy	Ocean	Management	

ConocoPhillips	
Equinor	

ExxonMobil	
JOGMEC	

Oxy	(formerly	Anadarko)	
Petrobras	

	Total	Energy	
	
	
	
	
	

Schedule	of	Events	
	

	
Monday,	11/11/19,	5:30-7:30	p.m.	
	

Icebreaker	at	Vina	Enoteca,		
Palo	Alto		

Tuesday,	11/12/19,	8:30	a.m.-5:00	p.m.	 Oral	and	poster	session	at	Stanford	
University	Faculty	Club	
	Stanford	University	

Tuesday,	11/12/19,	6:00-9:00	p.m.	 Group	dinner	at	Terrain	Cafe,		
Palo	Alto	

Wednesday,	11/13/19,	8:00	a.m.-5:00	p.m.	Field	trip	to	Black	Diamond	Mines,	Antioch	
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November	12,	2019:	Oral	Session	Agenda	
	
Morning	
	
9:00	a.m.	 Steve	Graham,	Introduction	
	Pore	Pressure,	Faults,	Uncertainty	and	Sensitivity	Analysis	in	Petroleum	Systems	
	 	9:20	a.m.	 	Anshuman	Pradhan,	Pore	pressure	uncertainty	quantification	

	with	constraints	from	basin	modeling	and	seismic	imaging	
	 	9:45	a.m.	 	Best	Chaipornkaew,	Basin-scale	natural	fracturing	and	its	

	impact	on	modeling	stress	and	pore	pressure	evolution	
	 	10:15-10:30	a.m.	 	Coffee	break	
	 	10:30	a.m.	 	Marcelo	Silka,	Sensitivity	analysis	of	migration	through	faults	
	 	10:50	a.m.	 	Anatoly	Aseev,	Understanding	of	impact	of	fault	properties	and	

	reservoir	heterogeneity	on	petroleum	systems	modeling,	
	South	Viking	Graben,	North	Sea	

	 	11:10	a.m.	 	Tanvi	Chheda,	Bayesian	Networks	to	use	field	data	for	reducing	
	uncertainty	in	3D	basin	model	of	the	Jeanne	d'Arc	Basin	

	 	11:35	p.m.	 	Tapan	Mukerji,	Quantitative	seismic	interpretation	in	
	organic-rich	mudrocks:	Shublik	Formation,	North	Slope,	Alaska	

	 	11:50-1:00	p.m.	 	Lunch		
	
	
Afternoon	
	
Gas	Hydrate	Petroleum	Systems	
	 	1:00	p.m.	 Zack	Burton,	Inventory	of	organic	properties	of	shallow	

sediments	with	application	to	basin	modeling	of	gas	hydrate	
systems	

	 	1:25	p.m.	
	
	

Laura	Dafov,	Three-dimensional	basin	model	of	Terrebonne	Basin,	
Gulf	of	Mexico	gas	hydrate	system	

	 	Modeling	Carbonates	in	Petroleum	Systems	
	 	1:50	p.m.	 	Pulkit	Singh,	Rule	based	modeling	of	attached	carbonate	

	platforms	
	 	2:10	p.m.	 	Xiaowei	Li,	Predicting	depositional	interparticle	porosity	of	

	oolite	using	ooid	size	
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Basin	Modeling	and	Geochemistry	
	 	2:30	p.m.	 	Mei	Mei,	Modeling	petroleum	expulsion	and	retention	from	

	source	rocks	within	the	Vaca	Muerta	Formation,	Neuquén	Basin,	
	Argentina	

	 		2:55-3:10	p.m.	 	Coffee	break		
	 	3:15	p.m.	 	Will	Thompson-Butler,	Basin	and	petroleum	system	modeling	

	in	the	Middle	Magdalena	Valley,	Colombia	
	 	3:45	p.m.	 	Josué	Fonseca,	Introduction	
	 	4:00	p.m.	 	Allegra	Hosford	Scheirer,	Quantitative	evaluation	rules	for	

	programmed	pyrolysis	data	greatly	improve	their	reliability	
	 	4:25	p.m.	 	Les	Magoon,	Preparation	for	field	trip	to	Black	Diamond	Mine	

	Regional	Preserve	
	
	
Evening	
	
6:00-9:00	p.m.	 Group	Dinner	at	Terrain	Café,	Stanford	Shopping	Center,	180	El	

Camino	Real	#1301,	Palo	Alto,	CA	94304	
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2019	Meeting	Attendees	
	

Attendee		 	 	 	 Affiliate	Organization	
Than	Tin	Aung	 	 	 JOGMEC	
Peder	Aursand	 	 	 Aker	BP	
Silvana	Barbanti	 	 	 Biomarker	Technologies	Inc.	
Mike	Bidgood		 	 	 Suncor	Energy	
Stephen	Anthony	(“Stoney”)	Clark	 Equinor	
John	Cody	 	 	 	 Equinor	
Gabe	Creason		 	 	 National	Energy	Technology	Laboratory	
Jose	Alberto	De	Araujo	 	 Petrobras	
Shuichi	Desaki	 	 	 INPEX	
Tim	Diggs	 	 	 	 Aramco	Services	Company	
François	Gelin	 	 	 Total	
Toshinori	Imai	 	 	 JOGMEC	
Sabrina	Innocenti																																		ExxonMobil	
Marek	Kacewicz	 	 	 Chevron	
Benjamin	Kirkland	 	 	 CNOOC	International	
Alexandros	Konstantinou																			ExxonMobil		
Cíntia	Lima	 	 	 	 Petrobras	
Eric	Michael	 	 	 	 ConocoPhillips	
J.		“Mike”	Moldowan	 	 	 Biomarker	Technologies	Inc.	
Ko	Nifuku	 	 	 	 INPEX	
Stephen	Palmes	 	 	 BOEM	
Ken	Peters	 	 	 	 Schlumberger	and	Adjunct	Professor,	Stanford	
Kenneth	Petersen	 	 	 Hess	Corporation	
Dominic	Smith	 	 	 BOEM	
Kevin	Smith	 	 	 	 BOEM	
Ye	Wang	 	 	 	 ConocoPhillips	
Johannes	Wendebourg	 	 Total	
Lauren	Zeigler	 	 	 BOEM	
	
Stanford	Students	 Stanford	Students	 Stanford	Scientists	
Anatoly	Aseev	 Anshuman	Pradhan	 Alan	Burnham	
Zachary	Burton	 Marcelo	Silka	 Nadar	Dutta	
Laainam	"Best"	Chaipornkaew	 Pulkit	Singh	 Steve	Graham	
Tanvi	Chheda	 William	Thompson-Butler	 Allegra	Hosford	Scheirer	
Laura	Dafov	 	 Yanran	Huang	(Visiting)	
Josue	Fonesca	 	 Les	Magoon	
Xiaowei	Li	 	 Tapan	Mukerji	
Mei	Mei	(Postdoctoral	
Scholar)	

	 Jonathan	Payne	

	
2019	Meeting	Abstracts	Follow	
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PORE	PRESSURE	UNCERTAINTY	QUANTIFICATION	WITH	CONSTRAINTS	
FROM	BASIN	MODELING	AND	SEISMIC	IMAGING	

	
Anshuman	Pradhan1*,	Nader	C.	Dutta2,	Allegra	Hosford	Scheirer3,	&	Tapan	Mukerji1	
1Department	of	Energy	Resources	Engineering,	2Department	of	Geophysics,	3Department	of	
Geological	Sciences	
Stanford	University,	Stanford,	CA	
*pradhan1@stanford.edu	
	
Abstract	
	

We	 present	 a	 methodology	 for	 pore	 pressure	 modeling	 under	 uncertainty	 that	
incorporates	 information	 regarding	 the	 geological	 history	 of	 the	 basin,	 rock	 physics,	
drilling,	 and	 seismic	 data.	 In	 particular,	 our	 approach	 relies	 on	 linking	 P-wave	 velocity	
models	 to	 the	 basin	 modeling	 outputs	 of	 porosity,	 mineral	 volume	 fractions	 and	 pore	
pressure	through	rock	physics	models	(Figure	1).	We	account	for	geological	uncertainty	by	
defining	 prior	 probability	 distributions	 on	 uncertain	 parameters	 and	 performing	 Monte	
Carlo	basin	simulations.	We	perform	probabilistic	calibration	of	the	basin	model	outputs	by	
defining	 data	 likelihood	 distributions	 to	 represent	 well	 data	 uncertainty.	 We	 employ	
seismic	 imaging	 constraints	 by	 performing	 rock	 physics	 modeling	 to	 obtain	 multiple	
velocity	 realizations,	 which	 are	 subsequently	 used	 in	multiple	 seismic	 depth	migrations.	
We	present	an	approximate	Bayesian	inference	framework	which	facilitates	updating	pore	
pressure	 uncertainty	 by	 conditioning	 to	 both	 well	 and	 seismic	 data.	 We	 apply	 our	
methodology	in	2D	to	a	real	field	case	from	Northern	Gulf	of	Mexico	(Figure	2).	In	Figure	
3,	the	initial	pore	pressure	uncertainty	at	different	locations	in	our	basin	is	presented.	We	
also	show	how	our	integrated	workflow	is	effective	in	updating	pore	pressure	uncertainty	
after	sequential	conditioning	to	well	and	seismic	data.	 It	can	be	seen	that	conditioning	to	
seismic	 data	 assigns	 greater	 probability	 of	 the	 existence	 of	 overpressured	 zones	 in	 the	
basin.	Our	workflow	may	also	be	used	 to	 constrain	 the	spatial	pore	pressure	uncertainty	
constrained	to	well	and	seismic	data	(Figure	4)	where	we	estimate	the	mean	pore	pressure	
cross	section	and	corresponding	standard	deviation.	
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Figures	
	

	
	

Figure	1.	The	integrated	workflow	used	in	this	paper.	
	
	

	

Figure	 2.	 The	 depth	 migrated	 seismic	 section	 for	 which	 we	 present	 our	 analysis	 and	
interpretations	of	key	geologic	horizons.	 (Bottom)	Corresponding	structural	model	of	 the	
basin. The cross section is located in a north-central	 Gulf	 of	Mexico	 basin	 off	 the	 coast	 of	
Louisiana.	
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Figure	3.	Estimates	of	pore	pressure	uncertainty	estimated	at	x	 location	of	15	km	and	at	
depths	 listed	 on	 top	 of	 each	 plot.	 Shown	 in	 gray	 is	 the	 prior	 uncertainty	 on	 the	 pore	
pressure	 and	 updated	 posterior	 distributions	 after	 constraining	 to	 basin	 modeling	
calibration	data	(blue)	and	seismic	kinematic	information	(red).	

	

Figure	4.	Posterior	mean	and	standard	deviation	for	pore	pressure	(in	MPa)	estimated	
using	proposed	workflow.	
	
Acknowledgments		
	
We	thank	Huy	Q.	Le	and	Prof.	Biondo	Biondi	for	their	technical	contributions	with	regards	
to	the	seismic	imaging	parts	of	proposed	workflow	and	Schlumberger	for	PetroMod	
software.	
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BASIN-SCALE	INELASTIC	DEFORMATION:	

PORE	PRESSURE	AND	STRESS	IMPLICATIONS	
	
Laainam	(Best)	Chaipornkaew1,*,	Marek	Kacewicz2,	and	Pete	Lovely2	
1Department	of	Geological	Sciences,	Stanford	University,	Stanford,	CA	
2Chevron	Energy	Technology	Company,	Houston,	Texas	
*bestc@stanford.edu	
Abstract	originally	from:	EAGE	Annual	Conference	and	Exhibition	2019	
	
Introduction	
	

Most	 sedimentary	 rocks	 experience	 some	 form	 of	 inelastic	 deformation,	 such	 as	
compaction	 under	 increased	 confining	 pressure,	 which	 may	 be	 enhanced	 by	 horizontal	
stresses	at	 convergent	margins.	The	behaviors	of	 inelastic	deformation	and	 its	 impact	on	
stress	and	pressure	evolution	is	not	well	understood.	Recent	studies	attempt	to	incorporate	
more	realistic	deformation	for	fractured	and	porous	rocks	via	laboratory	experiments	and	
numerical	simulations	(Nicksiar	and	Martin,	2013;	Rutqvist	et	al.,	2002;	Sone	and	Zoback,	
2014;	 Wei	 and	 Anand,	 2008).	 However,	 existing	 works	 do	 not	 emphasize	 inelastic	
deformation	at	the	basin-scale	or	through	geologic	time.		
	

Basin	 modeling	 accounts	 for	 the	 evolution	 of	 stress	 and	 pore	 pressure	 in	
sedimentary	 basins	 through	 geologic	 time.	 This	 is	 a	more	 complete	 approach	 than	other	
techniques	 that	 only	 consider	 in-situ	 stress	 conditions	 such	 as	 seismic-derived	 pore	
pressure	 or	 “static”	 mechanical	 earth	models.	 However,	 several	 published	 studies	 using	
basin	 modeling	 techniques	 in	 structurally	 complex	 regions	 show	 inaccurate	 pressure	
predictions	 (Neumaier	 et	 al.,	 2014;	 Burgreen-Chan	 et	 al.,	 2016).	 This	 is	 typically	 due	 to	
elastic	assumptions	and	lack	of	non-vertical	deformation	and	stress.	
	

This	 work	 uses	 an	 evolutionary	 geomechanical	 approach	 to	 basin	 modeling	 that	
represents	 inelastic	 deformation	 in	 response	 to	 the	 full	 stress	 tensor	 (Obradors-Prats	
2016).	 The	 focus	 is	 to	model	 seals	 with	 evolving	 properties	 as	 a	 function	 of	 stress	 and	
fracture	formation.	We	use	a	synthetic	model	to	investigate	basin-scale	effects	of	fracturing	
on	 fluid	 flow	and	pore	pressure	evolution.	The	model	 captures	 fracture	opening,	 closing,	
and	 potential	 reactivation	 in	 response	 to	 mechanical	 criteria	 (Figure	 1)	 as	 well	 as	 the	
system	response	when	tectonic	shortening	is	present.	
	
	
Model	Design	
	

The	 synthetic	 framework	 is	 motivated	 by	 the	 Offshore	 East	 Coast	 Basin	 of	 New	
Zealand,	 an	 underexplored	 petroleum	 system	 with	 complex	 deformation	 and	 pressure	
history.	 We	 opt	 for	 a	 model	 with	 simplified,	 synthetic	 geometry	 because	 the	 inputs	 are	
known	 and	 outputs	 are	 fully	 predictable.	 The	 model	 allows	 introducing	 fracture	
mechanisms	 and	 tectonic	 effects	 and	 tracks	 pressure	 response.	 Overpressure	 conditions	



 14 

are	generated	by	rapid	sedimentation	of	 low	permeability	shales	over	an	anticline	with	a	
layer	of	high-permeability	sand	(Figure	2).		
	
Fracturing	Criteria	
	

A	workflow	is	developed	using	the	finite	element	code	ParaGeo	(Crook,	2013).	This	
evolutionary	geomechanical	basin	model	uses	a	critical	state	poroelastoplastic	constitutive	
formulation	that	accommodates	compaction	and	shear	dilatancy	and	is	able	to	handle	large	
strain	accumulated	through	geologic	time	(Obradors-Prats	et	al.,	2016).	Fracturing	occurs	
only	 when	 pressure	 and	 stress	 criteria	 are	 satisfied,	 leading	 to	 enhanced	 fluid	 flow	
modelled	by	permeability	multiplier	(Figure	3).		
	
Results		
	

We	are	able	 to	model	realistic	mechanical	behaviors	of	 low-permeability	 shales	 in	
relation	to	compaction,	overpressure	conditions,	fracturing,	and	tectonic	shortening.	Fluid	
flow,	 pressure,	 and	 stress	 evolution	 influence	 fracture	 generation	 and	 subsequent	
deactivation	due	to	pressure	dissipation	(Figure	1).	We	showcase	two	examples,	without	
and	with	tectonic	shortening.			
	
Example	1:	Fracturing	without	Tectonic	Loading		
	

We	 tested	 three	 scenarios	 to	 highlight	 the	 effects	 of	 fracturing	 on	 fluid	 flow	 and	
pressure	fields	(Figure	4).	When	fracturing	is	not	incorporated	(A),	pressure	prediction	is	
only	 varied	 along	 depth	 with	 unrealistic	 homogenous	 pressure	 distribution	 across	 sand	
and	shale	lithologies.		When	fractures	remain	open	after	being	activated	(B),	preferred	flow	
orientation	is	very	different	from	a	comparable	model	that	assumes	dynamic	fractures	(C),	
in	 which	 fracture	 permeability	 is	 reduced	 as	 pressure	 dissipates	 and	 effective	 stress	
increases.	 Flow	 (brown	 arrows)	 through	 supposedly	 “inactive”	 fractures	 (in	 B)	 leads	 to	
more	intense	pressure	dissipation	than	compared	to	the	dynamic	fracture	scenario.	
	
Example	2:	Fracturing	with	Tectonic	Shortening		
	

In	 addition,	 this	 example	 incorporates	 the	 effects	 of	 tectonic	 shortening	 to	
understand	the	relationship	between	fracturing	and	the	evolving	 fluid	 flow	and	pressure.	
The	 model	 is	 built	 with	 a	 fixed-based	 and	 rolling-base	 boundary	 condition,	 similar	 to	 a	
convergent	margin	setting	such	as	the	Hikurangi	Trough	(Figure	2).		Shortening-enhanced	
compaction	not	only	increases	pore	pressure	but	also	increases	total	horizontal	stress,	two	
processes	that	have	competing	effects	on	fracture	generation.	The	tectonic	component	also	
innately	 introduces	 asymmetry	 to	 structural	 geometry	 and	 preferred	 flow	 orientation,	
leading	 to	 asymmetry	 in	 fracture	 locality	 and	 pressure	 distribution.	 This	 is	 a	 product	 of	
tectonic	 loading	 and	 asymmetry	 of	 the	 base	 boundary	 conditions.	 Lastly,	 pressure	
evolution	 controls	 fracture	 deactivation	 and	 reactivation	 even	 more	 evidently	 with	
shortening.	 An	 example	 of	 asymmetric	 development	 of	 fractures	 and	 evolution	 of	
overpressure	 is	 presented	 in	Figure	 5.	 Following	 further	 syntectonic	 sedimentation	 and	
hiatus	 steps,	 the	 present-day	 overpressure	 condition	 demonstrates	 that	 overpressure	
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prediction	might	 exhibit	 substantial	 errors	 if	 shortening	 and	 fracturing	 are	 not	 properly	
considered.	
	
Conclusions	
	

Though	 we	 study	 a	 simplified,	 synthetic	 geometry,	 our	 model	 results	 are	
geologically	realistic	and	insightful.	An	example	without	tectonic	loading	is	able	to	generate	
a	dissipation	mechanism	via	natural	 fracturing	at	 the	 location	where	pressure	and	stress	
condition	 exceed	 the	 elastic	 limit.	 An	 example	 with	 tectonic	 shortening	 predicts	 a	
consistent	 deformation	 zone	 and	 preferred	 flow	 orientation	 in	 relation	 to	 compressive	
forces.	Abundant	fracturing	and	deformation	zones	are	also	observed	across	the	Hikurangi	
Trough,	 which	 are	 the	 focus	 for	 gas	 hydrate	 migration	 pathway	 (Barnes	 et	 al.,	 2010).	
Preferred	 flow	 orientation	 (west	 to	 east)	 results	 in	 fluid	 migration	 away	 from	 the	
subduction	zone	to	onshore	New	Zealand,	as	supported	by	hydrocarbon	seeps	found	along	
the	coast	of	the	East	Coast	Basin.	
	

Fractures	 enhance	 communication	of	 pore	 pressure	 leading	 to	 a	 dynamic	 relation	
between	 fracture	 state,	 fluid	 flow,	 and	 pore	 pressure.	 The	 ability	 to	 model	 timing	 and	
location	of	fracturing	can	improve	basin	model	results	related	to	pore	pressure	and	stress	
conditions,	 which	 has	 direct	 implications	 for	 hydrocarbon	migration,	 seal	 and	 reservoir	
quality.	This	is	an	important	first	step	in	forward	modeling	stress	and	pressure	history	in	a	
complex	region	influenced	by	fractures	and	horizontal	shortening.	
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Figures	

	
Figure	1.	Diagram	illustrates	the	relationship	between	pressure,	fluid	flow,	and	fractures.	
We	modeled	 these	 processes	 and	 the	 interaction	 between	 them.	 Fracture	 states	 (open/	
closed)	in	our	model	are	adjusted	by	permeability	multipliers	applied	to	rock	matrix.	
	
	

	
Figure	2.	Comparison	of	complex	structures	overlying	the	Hikurangi	Subduction	Zone	and	
the	synthetic	model	where	the	overpressured	shale	system	is	exposed	to	varying	degrees	of	
horizontal	shortening.		
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Figure	3.	(A)	Effective	stress	grid	shows	an	area	with	lower	compressive	stress	on	top	of	
the	sand	dome.	Fracturing	occurs	where	pore	pressure	and	minimum	effective	stress	meet	
thresholds.	 (B)	Arrows	 indicate	the	orientation	and	relative	magnitude	of	 fluid	 flux;	 their	
colors	 represent	 fracture	 state	 at	 each	 cell.	 Flow	 from	open	 fractures	 (bright	 green)	 are	
added	by	multiplied	permeability	during	active	state.	
	
	
	
	

	
Figure	 4:	Overpressure	 plots	with	 fluid	 flow	overlay.	 Case	 A	 is	 the	model	 that	 does	 not	
incorporate	 fracturing.	 Case	B	 is	 the	model	 where	 fracture	 remains	 open.	 Case	 C	 is	 the	
model	that	assumes	dynamic	fracturing	as	a	function	of	pressure	and	stress.		
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Figure	 5.	 Evolution	 of	 pressure	 and	 fluid	 flow	 responding	 to	 dynamic	 fracturing	 and	
horizontal	 shortening:	 Asymmetry	 is	 observed	 in	 the	 model	 geometry,	 locations	 of	
fractures,	and	flow	orientations.	
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SENSITIVITY	ANALYSIS	OF	MIGRATION	THROUGH	FAULTS	
	

Marcelo	Brasil	Silka1,*	
1Department	of	Geological	Sciences,	Stanford	University,	Stanford,	CA	
*mbsilka@stanford.edu	
	
Abstract	
	

The	Campos	basin	is	one	of	the	passive	margin	basins	originating	at	the	opening	of	
the	Atlantic	Ocean	on	Brazil’s	shore.		Layering	of	rock	units	in	the	Campos	basin	would	be	
quite	monotonous	without	the	halokinesis	of	its	Aptian	salt	layer.	Together	with	the	
movement	of	salt,	detached	faults	were	formed.	Those	faults	may	play	an	important	role	in	
the	transport	of	oil	and	CO2	through	the	basin	(Sibson,	1990,	Beglinger	et	al.,	2012).	This	
report	presents	some	results	of	the	sensitivity	analysis	of	basin	properties	–	basically,	
faults	on	source	rocks	properties	–	on	modeled	values	of	saturation	of	oil	and	CO2	within	a	
volume	that	represents	2%	of	the	total	area	of	Campos	basin.	
	

A	basic	basin	model	assembled	and	granted	by	Petrobras,	with	39	horizons	from	a	
northern	area	of	Campos	basin,	was	replicated,	parametrized	by	46	basin	variables,	and	
processed	to	produce	maps	of	three	kinds	of	saturations	(CO2,	liquid,	and	vapor)	at	the	
present	time.	The	software	employed	was	PetroMod	3D,	version	2018.1.	Six	of	the	
variables	are	related	to	each	of	the	3	faults,	the	Shale	Gauge	Ratio	(SGR),	and	the	Fault	Time	
Definition	(FTD)	that	model	the	change	during	burial	history	of	the	fault’s	openness.	The	40	
other	parameters	are	equally	distributed	among	5	source	rock	layers,	namely	the	amount	
of	TOC,	of	HI,	the	localization	and	size	of	an	elliptic	pod	(5	independent	variables	each),	and	
the	time	of	deposition	of	the	source	rock	(DtSR),	comprised	of	the	nominal	time	of	the	top	
horizon,	plus	a	variable	increment	characterizing	a	chronostratigraphic	uncertainty	in	
exploration.	
	

Two	thousand	realizations	were	created,	and	the	responses	were	retrieved	as	a	
dataset	assembled	with	2000x39x3	maps	(Figure	1).	The	kinetics	are	from	Vitrimat-2018	
(Burnham,	2019).		The	method	used	for	Sensitivity	Analysis	was	the	Distance-based	
Generalized	Sensitivity	Analysis	(DGSA)	(Scheidt,	Li	and	Caers,	2018),	and	it	was	performed	
using	a	Python	code	developed	at	the	Stanford	Center	for	Earth	Resources	Forecasting	
(SCERF,	2019).		
	

Our	ultimate	interest	is	to	study	the	uncertainty	of	migration	paths	using	these	
models.		The	goal	is	to	extract	signatures	of	the	movement	of	oil	from	the	modeled	patterns	
in	the	saturation	maps.	To	accomplish	this,	several	alternatives	were	tested	to	integrate	the	
multilayer	data	into	one	single	map	with	the	quality	of,	firstly,	indicating	migration	and,	
secondly,	being	capable	of	resolving	contrasts	among	the	diverse	realizations	in	order	to	
facilitate	clustering	of	the	whole	set	of	responses.		
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In	addition,	the	role	of	faults	in	the	overall	process	was	modeled	by	extracting	
projections	of	the	resulting	maps	on	the	faults	and	arranging	the	values	into	arrays	of	data	
to	perform	DGSA.		Pareto	plots	are	presented	to	illustrate	the	findings	of	sensitivity	so	far	
(Figure	2).		
	
Figures	

Figure	1.	One	hundred	different	realizations,	from	the	total	of	2000,	of	the	Campos	basin	
model	depicted	as	maps	of	the	mean	average,	vertically	taken,	over	the	39	resulting	layers	
of	saturation	of	CO2	in	the	present	time.	
	

	
Figure	2.	A)	Map	of	localization	of	the	faults	in	the	model.	B)	Pareto	plot	showing	the	
sensitivity	analysis	on	the	data	of	saturation	of	liquid	projected	onto	Fault	1.	The	most	
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sensitive	parameter	is	SRY3,	the	N-S	position	of	Source	Rock	3	(Albian).	The	green	arrows	
highlight	the	parameters	Shale	Gauge	Ratio	(SGR)	and	Fault	Time	Dependency	(FTD)	
related	to	Fault	1.	
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Introduction	
	

Basin	 models	 are	 used	 for	 regional	 estimation	 of	 hydrocarbon	 potential,	 but	
commonly	 tend	 to	oversimplify	 structural	 and	 lithological	 architecture	of	 the	oil	 and	gas	
petroleum	 system.	 This	 can	 lead	 to	misevaluation	 of	 pore	 pressures,	 fluid	 volumes,	 seal	
capacity,	 accumulation	 geometry,	 and	 other	 important	 parameters	 during	 hydrocarbon	
prospecting.	

In	 structurally	 complex	 targets,	 properties	 of	 faults	 play	 a	 significant	 role	 in	
controlling	pore	pressures	and	fluid	migration	over	time.	Lithology	variation	at	reservoir	
scale	 adds	 another	 source	 of	 uncertainty.	 A	 common	 practice	 in	 basin	 modeling	 is	 to	
deterministically	assign	a	single	lithology	value	or	a	simplified	map	to	tens	or	hundreds	of	
meters	of	a	reservoir	rock	layer.	This	approach	saves	computational	resources,	but	the	lack	
of	resolution	prevents	robust	analyses	of	geological	information	at	reservoir	scale.	

In	 this	study,	we	explore	the	 impact	of	variations	 in	 fault	properties	and	reservoir	
heterogeneity	on	2D	petroleum	systems	models	located	in	the	Viking	Graben,	North	Sea.	

2D	petroleum	systems	modeling	

The	area	of	study	 is	located	 in	the	South	Viking	Graben,	central	North	Sea	(Figure	
1).	The	majority	of	 the	hydrocarbon	 traps	 found	 in	the	Viking	Graben	have	an	 important	
structural	component	produced	during	phases	of	deformation	or	subsidence	from	Triassic	
to	 Cenozoic	 times.	 These	 include	 horst	 traps,	 footwall	 and	hanging	wall	 traps	 formed	by	
Late	Jurassic	to	Lower	Cretaceous	rifting	(Ahmadi	et	al.,	2003).	

To	 understand	 the	 impact	 of	 reservoir	 rock	 heterogeneity	 on	 petroleum	 systems	
modeling,	we	converted	gamma	ray	values	 from	the	wells	 in	a	3D	reservoir	model	 into	a	
corresponding	 set	 of	 PetroMod	 facies	with	 sand-shale	 lithology	mix.	Then	we	 performed	
Gaussian	Sequential	Simulation	and	simulated	heterogeneous	 lithology	 in	 the	 larger	scale	
basin	model	in	the	reservoir	zone	(Figure	2).		

To	understand	 the	 impact	of	 fault	 properties	on	 petroleum	 systems	modeling,	we	
transferred	 faults	 from	 a	 3D	 reservoir	model	 to	 a	 3D	 basin	model.	 Then	we	 extracted	 a	
cross	section	and	created	six	different	models	(Table	1),	including	a	base	case	model.	The	
base	 case	 model	 has	 no	 faults	 in	 the	 discovery	 area	 and	 has	 homogenous	 sand	 as	 a	
reservoir	lithology	(Figure	3).	The	rest	of	the	2D	models	have	different	fault	properties	for	
the	same	set	of	faults.		
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There	are	three	fault	properties	defined	in	basin	modeling	software:	shale	gouge	
ratio	(SGR),	fault	capillary	pressure	(FCP)	and	fault	permeability	(Kf).	Also,	a	fault	can	be	
assigned	as	closed	to	flow,	impermeable	to	flow,	and	open	to	flow.	PetroMod	uses	an	
empirical	equation	for	converting	SGR	to	FCP	(Hantschel	and	Kauerauf,	2009):	

	FCP	=	k	(SGR	−	0.18)	

where	the	average	value	for	k	is	50	MPa.	

According	to	Sperrevik	et	 al.	 (2002)	and	Yielding	et	al.	 (2010),	depth	of	 the	 fault,	or	Zmax	
(Sperrevik	et	al.,	2002),	is	one	of	the	most	important	parameters	controlling	fault	sealing.	
However,	 this	 variable	 is	 missing	 in	 the	 formula	 of	 Hantschel	 and	 Kauerauf	 (2009),	
whereas	it	is	a	standard	plug-in	in	Petrel,	and	used	in	common	workflows	in	oil	companies.	
To	estimate	fault	properties	during	petroleum	systems	evolution,	we	calculated	FCP	and	Kf	
using	Sperrevik	et	al.	 (2002)	equation	 for	every	episode	of	deposition	starting	 from	fault	
initiation	 in	the	Late	 Jurassic.	The	SGR	value	 for	 the	modelled	 faults	are	the	mean	of	SGR	
value	on	the	fault	plane	taken	from	the	3D	reservoir	model.	

𝑘" = 𝑎%𝑒𝑥𝑝)−	,𝑎-𝑆𝐺𝑅 + 𝑎2𝑧456 + 7𝑎8𝑧" − 𝑎9:(1 − 𝑆𝐺𝑅)>?@,	

where,	a1=80000,	a2=19.4,	a3=0.00403,	a4=0.0055,	a5=12.5,	zmax	is	maximum	burial	depth	of	
the	fault	in	meters	and	zf	is	depth	of	faulting	in	meters.	

FCP	=	31.838 ∙ 𝑘"FG.2H8H 	

Simulation	results	

Simulation	 results	 demonstrated	 a	 significant	 difference	 in	 petroleum	 saturation	
and	 geometry	 of	 hydrocarbon	 accumulations	 between	 the	 base	 case	 model	 and	models	
with	 faults	 and	 upgraded	 reservoir	 lithology	 (Figure	 4).	 	 The	 base	 case	 model	
overestimates	column	heights,	as	all	 the	hydrocarbons	migrate	along	the	reservoir	 layers	
and	fill	anticline	traps.	The	geometry	of	the	accumulation	is	controlled	by	trap	closure.	In	
contrast,	 migration	 in	 the	 faulted	 models	 are	 controlled	 by	 fault	 seal	 properties	 and	
capillary	pressures	in	heterogenous	reservoir	rocks.	Models	with	just	open	or	closed	faults	
fail	 to	predict	known	oil	discoveries	because	 fluids	are	leak	along	or	are	stopped	by	 fault	
planes	bounding	structural	traps.		

In	the	model	with	changing	fault	properties	through	time,	significant	leakage	across	
fault	 planes	 occurs	 at	 the	 early	 stage	 of	 petroleum	 system	 evolution,	when	 Zmax	 is	 low.	
Later,	higher	FCP	values	control	 influx	of	hydrocarbons	and	accumulation	column	height.	
Model	 with	 assigned	 FCP	 values	 through	 geological	 time	 show	 a	 good	 match	 between	
modelled	 and	 existing	 accumulations.	 Thus,	 in	 structurally	 complex	 areas,	 such	 as	 the	
Viking	 Graben,	 faults	 and	 their	 properties	 likely	 play	 an	 important	 role	 in	 oil	 and	 gas	
prospecting.	Careful	estimation	of	SGR	and	FCP	values	of	 the	 faults	 in	2D	basin	modeling	
can	 decrease	 exploration	 risks	 associated	 with	 migration,	 charge,	 and	 accumulation	
geometry.	
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Figures	
	

	
	
Figure	1.	Location	of	area	of	interest	
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Viking Graben
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Figure	2.	Facies	distribution	from	local	3D	reservoir	model	(small	inset	area	in	the	middle	
of	the	map,	left)	onto	basin	model	(large	map	area,	right)	
	
	
	

	
	
Figure	3.	Base	case	model	with	no	faults	in	oil	discovery	area	(top)	and	upgraded	model	
(bottom).	Black	rectangle	shows	the	area	of	oil	discovery.	
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Figure	4.	Significant	difference	in	petroleum	saturation	between	base	case	model	(top)	and	
one	of	the	models	with	upgraded	facies	and	faults	(bottom)	
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Table	1.	Simulated	2D	models	and	their	reservoir	heterogeneity	and	assigned	fault	
properties	
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Model	name	 Reservoir	
heterogeneity	

Fault	Properties	

Base	case		 Homogenous	Sand	 Open/Closed	

Petromod_FCP/Kf_LGR	 Heterogenous	sand-shale	 FCP	using	Hantschel	and	
Kauerauf	formula	

Sperrevik_FCP/Kf_LGR	 Heterogenous	sand-shale	 FCP	using	Sperrevik	
formula	

Open_LGR	 Heterogenous	sand-shale	 Open	

Closed_LGR	 Heterogenous	sand-shale	 Closed	

Sperrevik_FCP/Kf_LGR_19episodes	 Heterogenous	sand-shale	 FCP	using	Sperrevik	
formula	for	nineteen	
episodes	of	deposition	
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Introduction	
	

In	 basin	 and	 petroleum	 system	 modeling,	 because	 of	 the	 large	 number	 of	 input	
parameters	and	insufficient	and	imperfect	data,	uncertainty	exists	in	modeling	results.	It	is	
important	to	characterize	this	uncertainty	and	communicate	predictions	in	a	probabilistic	
manner.	 We	 propose	 a	 structured	 workflow	 to	 calibrate	 models	 to	 observed	 data	 and	
incorporate	newly	available	data	without	the	need	to	rerun	basin	models.	Automating	both	
the	 calibration	 and	 simulation	 steps	 in	 basin	 modeling	 greatly	 reduces	 the	 need	 for	
continuous	 human	 interaction	 so	 that	 models	 honor	 observed	 data	 more	 quickly,	 more	
robustly,	 and	 less	 subjectively.	 We	 demonstrate	 this	 new	 workflow	 for	 uncertainty	
reduction	 in	3D	models	 created	 from	data	 in	 the	 Jeanne	d’Arc	basin	 in	 the	prolific	Grand	
Banks	region	offshore	Newfoundland,	Canada.		

The	main	source	rock	in	the	basin,	the	Egret	Member	of	the	Ranking	Formation,	was	
deposited	in	the	Late	Jurassic.	This	was	followed	by	rifting	due	to	the	opening	of	the	North	
Atlantic	 in	 the	 Early	 Cretaceous,	 and	 episodic	 uplift	 and	 erosion	 that	 deposited	 many	
reservoir	 rock	 intervals	 until	 the	 Late	 Cretaceous.	 Albian-Aptian	 rifting	 from	 Greenland	
created	major	structural	traps,	and	thick	overburden	was	deposited	in	the	Cenozoic	(Grant	
and	 McAlpine,	 1990;	 Richards	 et	 al.,	 2010;	 Sinclair,	 1993).	 Although	 this	 is	 the	 broadly	
accepted	 geologic	 history,	 studies	 differ	 in	 the	 details.	 These	 different	 hypotheses	 are	
considered	 to	 create	 multiple	 basin	 models	 with	 varying	 thermal	 histories,	 fault	
permeabilities,	and	facies	distribution.	

	

Methods		

Baur	et	al.	(2010)	find	that	there	was	no	significant	increase	in	heat	flow	associated	
with	the	Albian-Aptian	rifting	event,	whereas	other	authors	assume	otherwise.	We	created	
120	different	heat	flow	histories	by	sampling	Gaussian	distributions	in	two	dimensions:	age	
and	 intensity	 of	 heat	 flow	 (Figure	 1).	 Both	 age	 and	 heat	 flow	 influence	 predicted	
temperature	and	vitrinite	reflectance.	At	the	same	time,	we	vary	the	slope	of	the	porosity-
permeability	curve	and	the	capillary	entry	pressure	of	 important	horizons	(Figure	 2),	as	
these	properties	can	be	assumed	to	be	independent	of	basal	heat	flow	in	this	basin.	Finally,	
we	consider	different	facies	maps	for	the	Egret	source	rock.	We	added	faults	to	the	model	
using	 discontinuities	 in	 the	 geologic	 horizons	 (Figure	 3),	 and	 assigned	 times	 when	 the	
faults	were	active	according	to	their	orientation.	The	uncertainty	lies	in	scenarios	for	when	
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faults	 are	 open	 and	 closed.	 Variable	 timing	 and	 extent	 of	 closure	 will	 be	 considered	 in	
upcoming	work.	

These	120	3D	basin	models	 took	about	350	hours	 to	 run.	 Simulation	 results	were	
extracted	 using	 a	 workflow	 of	 MATLAB	 for	 changing	 inputs,	 Schlumberger's	 Open	
Simulator	 for	 exporting	 output	 at	 every	 cell	 in	 the	model,	 and	 Python	 programming	 for	
finding	the	set	of	cells	that	correspond	to	well	locations.		

Using	 measured	 data	 from	 the	 openly	 accessible	 BASIN	 database	 from	 Natural	
Resources	 Canada,	 we	 calculated	 summary	 statistics	 for	 pressure,	 temperature,	 and	
vitrinite	 reflectance.	 After	 applying	 quality	 control	 rules	 to	 the	 data,	 23	wells	 had	 some	
reliable	 data.	 We	 used	 these	 in	 a	 Bayesian	 Network	 along	 with	 predictions	 of	 these	
quantities	from	the	models	to	select	the	subset	of	models	that	honored	the	data.	

	

Results	

Models	 with	 moderately	 high	 heat	 flows	 in	 both	 rifting	 events	 best	 matched	
temperature	data.	West-northwest	faults	of	age	between	150	and	120	million	years	played	
a	 key	 role	 in	 the	 observed	 pressures	 and	 accumulations.	 Faults	 along	 trans-basinal	 fault	
trend,	and	 in	orientation	close	to	basin	bounding	 faults,	are	closed	 in	all	valid	models.	 In	
most	wells,	 the	models	 fail	 to	simulate	high	pressure	at	depth	(Figure	4).	This	 is	 true	 for	
both	the	Hibernia	and	Jeanne	d’Arc	reservoirs.			
	

Discussion	and	Conclusion	
	

The	 parameter	 space	 of	 properties	 of	 seal	 rocks	 corresponding	 to	 Hibernia	 and	
Jeanne	d’Arc	reservoir	rocks	is	probably	too	sparse,	thus	more	models	need	to	be	run	with	
higher	sealing	capacities.	The	kinetics	of	source	rock	facies	need	to	be	further	explored	to	
explain	the	high	gas-to-oil	ratio	in	the	northeastern	part	of	the	basin.	In	the	next	year,	this	
work	 will	 be	 extended	 to	 codify	 structured	 decision	 making	 that	 is	 informed	 by	 a	
quantitative	 evaluation	 of	 risks	 and	 returns	 from	 exploration	 decisions.	 Although	shown	
with	 the	 example	 of	 a	 conventional	 offshore	 basin	 in	 the	 east	 coast	 of	 Canada,	 this	 is	
fundamentally	applicable	to	various	basin	types,	locations,	and	decisions	scenarios.	
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Figures	

									 	
Figure	1.	Basal	heat	flow	scenarios	due	to	uncertainty	in	contribution	from	different	rifting	
phases.	

	
Figure	2.	Base	case	scenario	for	porosity-permeability	and	porosity-capillary	entry	
pressure	relationship	for	shale.	Normal	distributions	were	sampled	around	the	slope	and	
intercept	to	obtain	other	scenarios.		
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Figure	3.	Horizon	maps	enhanced	to	interpret	faults.	

	

	
Figure	4.	An	example	of	model	output	and	data	in	the	South	Mara	I-13	well.	
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Abstract	
	

Estimating	 the	 lateral	 heterogeneity	 of	 geochemical	 properties	 of	 organic	 rich	
mudrocks	 is	 important	 for	 unconventional	 resource	 plays.	 Mature	 regions	 can	 rely	 on	
abundant	 well	 data	 to	 build	 empirical	 relationships	 and	 on	 traditional	 geostatistical	
methods	 to	 estimate	 properties	 between	 wells.	 However,	 well	 penetration	 in	 emerging	
plays	are	sparse	and	so	these	methods	will	not	yield	good	results.	In	this	case,	quantitative	
seismic	 interpretation	(QSI)	might	be	helpful	 in	estimating	the	desired	properties.	 In	 this	
study,	 we	 use	 QSI	 based	 on	 rock	 physics	 template	 in	 estimating	 the	 uncertainty	 of	 the	
geochemical	properties	of	organic	mudrocks	of	the	Shublik	Formation,	North	Slope,	Alaska.	
A	 rock	 physics	 template	 incorporating	 lithology,	 pore	 fraction,	 kerogen	 fraction,	 and	
maturation	 is	constructed	and	validated	using	well	data.	The	template	clearly	shows	that	
the	inversion	problem	is	non-unique.	Inverted	impedances	cubes	are	estimated	from	three	
seismic	 angle	 gathers	 (near	 with	 angles	 between	 0°	 and	 15°,	 mid	 with	 angle	 gather	
between	15°	and	30°,	 and	 far	with	angle	gathers	between	30°	and	45°).	The	 inversion	 is	
done	 using	 a	model-based	 implementation	with	 an	 initial	 earth	model	 derived	 from	 the	
seismic	 velocity	 model	 used	 in	 the	 processing	 phase.	 By	 combining	 the	 rock	 physics	
template	and	the	results	of	seismic	inversion,	multiple	realizations	of	total	organic	content	
(TOC),	matrix	porosity,	and	brittleness	index	are	generated.	These	parameters	can	be	used	
for	 sweet	 spot	 detection.	 Lithological	 results	 can	 also	 be	 used	 as	 an	 input	 for	 basin	 and	
petroleum	system	modeling.	
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Abstract	
	

Global	 marine	 gas	 hydrate	 accumulations	 rival	 in	 size	 all	 known	 organic	 carbon	
sources,	and	represent	a	significant	potential	energy	resource	(Kvenvolden,	1995;	Collett	et	
al.,	2015).	Biogenic	gas	accumulations	represent	more	than	one-fifth	of	global	gas	resources	
(Rice	and	Claypool,	1981;	Katz,	2011).	Understanding	the	formation	of	these	accumulations	
and	understanding	the	volumes	of	gas	resources	produced	and	accumulated	is	limited,	yet	
is	 critical	 to	 accurate	 quantitative	 assessment	 of	 potentially	 economic	 accumulations.	
Promisingly,	 recent	 advances	 in	 basin	 and	 petroleum	 system	modeling	 (BPSM)	 provide	
opportunity	 for	 successful	 and	 insightful	 assessment	of	biogenic	gas	and	particularly	gas	
hydrate	systems.		
	

Here	we	 compile	 a	 global	 database	 of	 sediment	 organic	 properties	 critical	 to	 the	
modeling	 of	 gas	 and	 gas	hydrate	 volumetrics.	We	 gather	 total	organic	 carbon	 (TOC)	 and	
hydrogen	 index	 (HI)	 measurements	 from	 global	 drilling	 data	 at	 43	 known	 marine	 gas	
hydrate	sites	(Figure	1),	and	also	compile	properties	used	in	six	recent	BPSM	studies	of	gas	
hydrate	 (Figure	 2).	 Across	 five	 continents	 (North	America,	 South	America,	 Europe,	 Asia,	
and	 Australia)	where	 gas	 hydrate	 locality	 sediment	 organic	 properties	 are	 available,	 we	
find	average	TOC	is	~1.2%	(median	1.1%)	and	minimum	TOC	is	0.3%	(Figures	3	and	4),	
while	 average	 HI	 is	 ~170	 (median	 150)	 and	minimum	HI	 is	 50	 (Figures	 5	 and	 6).	We	
conclude	that	average	gas	hydrate-associated	TOC	values	of	0.3	to	over	3%	are	compatible	
with	previous	 studies	 suggesting	a	minimum	TOC	of	0.4	 to	0.5%	needed	 for	gas	hydrate	
formation	(Waseda,	1998;	Klauda	and	Sandler,	2005),	and	that	HI	values	associated	with	
sites	of	recovered	or	inferred	gas	hydrate	ranging	from	25	to	over	400,	as	well	as	previous	
BPSM	modeling	results	(Fujii	et	al.,	2016),	generally	suggest	that	an	HI	as	low	as	50	to	60	
can	 result	 in	 gas	 hydrate	 formation.	 Our	 compilation	 provides	 global	 sediment	 organic	
properties	that	may	be	utilized	in	any	future	BPSM	study	of	biogenic	gas	and	particularly	
gas	hydrate	 systems,	 and	also	provides	 further	understanding	of	minimum	thresholds	of	
TOC	and	HI	necessary	for	the	formation	of	gas	hydrate.	
	

As	a	complement	to	our	global	inventory,	we	construct	a	3-D	synthetic	BPSM	model	
(Figures	7	and	8)	to	simulate	gas	hydrate	formation	under	favorable	geologic	conditions	
(i.e.,	via	both	structural	and	stratigraphic	focusing	of	gas	migration)	and	with	varying	input	
values	for	TOC	and	HI.	This	allows	us	to	query	and	quantitatively	investigate	the	minimum	
sediment	 organic	 property	 values	 needed	 for	 gas	 hydrate	 formation.	 We	 find	 that	 two	
strikingly	low	sediment	organic	property	scenarios	–	Scenario	1	with	0.1%	TOC	and	100	HI,	
and	Scenario	2	with	0.2%	TOC	and	50	HI	–	are	able	to	produce	some	amount	of	gas	hydrate	
saturation	at	the	crest	of	a	four-way	closure	(dome)	with	a	connected	“open”	fault	(Figures	
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9	and	10).	Scenario	1	is	consistent	with	previous	work	on	minimum	TOC	values	needed	for	
microbial	gas	generation,	which	demonstrated	that	a	free	gas	phase	can	be	produced	with	a	
TOC	as	low	as	0.12%	under	hydrostatic	pressures	(Clayton,	1992).	Scenario	2	is	consistent	
with	 both	 the	 results	 of	 our	 global	 organic	 properties	 compilation	 and	 with	 previous	
modeling	work	(Fujii	et	al.,	2016),	which	suggest	that	an	HI	as	low	as	50	or	60	may	allow	
for	accumulation	of	gas	hydrate.	
	

Taken	 together,	 our	 global	 compilation	 and	 our	 synthetic	 modeling	 efforts	 are	
consistent	with	general	minimum	sediment	organic	property	values	of	0.4	to	0.5%	TOC	and	
50	to	60	HI,	but	also	suggest	that	under	highly	favorable	geologic	conditions	(i.e.,	structural	
and	stratigraphic	focusing),	a	TOC	as	low	as	0.1%	or	HI	as	low	as	50	may	produce	sufficient	
free	gas	to	allow	for	gas	migration	and	accumulation	in	the	form	of	gas	hydrate.	With	global	
TOC	 for	 even	 sandy	 sediments	 ranging	 from	0.2%	 and	 up	 (Waksman,	 1933),	our	 results	
perhaps	 indicate	 that,	 under	 favorable	 geologic	 conditions,	 sediment	 organic	 properties	
may	not	represent	a	limiting	factor	in	the	formation	of	gas	hydrate.	
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Figures	
	

	

Figure	1.	
Drilling	sites	
from	which	TOC	
and	HI	data	were	
compiled.	Black	
circles	are	sites	
from	which	gas	
hydrate	was	
successfully	
recovered	
whereas	gray	
square	indicates	
locations	where	
presence	of	gas	
hydrate	is	
inferred.	Base	
map	from	
GeoMapApp,	
2019.	

	

	

Figure	2.	
Geographic	
location	of	
existing	BPSM	
studies	
published	to	
date.	Black	
circles	are	
studies	with	
published	TOC	
and	HI	values	
whereas	gray	
squares	are	
studies	that	did	
not	use	or	did	
not	publish	TOC	
and	HI	values.	
Base	map	from	
GeoMapApp,	
2019.	
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Figure	3.	Kernel	
density	
estimation	
function	(solid	
line)	and	
histogram	
(rectangles)	
describing	the	
distribution	of	
published	TOC	
values	associated	
with	sites	where	
gas	hydrate	has	
been	recovered.	

	

	

Figure	4.	Box	plot	for	published	TOC	values	
associated	with	sites	where	gas	hydrate	has	been	
recovered.	Average	TOC	is	~1.2±0.6	wt.	%,	median	
is	1.1	wt.	%.	Minimum	TOC	is	0.3	wt.	%,	maximum	
TOC	is	3.5	wt.	%,	first	quartile	is	~0.8	wt.	%,	and	
third	quartile	is	1.4	wt.	%.	
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Figure	5.	Kernel	
density	
estimation	
function	(solid	
line)	and	
histogram	
(rectangles)	
describing	the	
distribution	of	
published	HI	
values	
associated	with	
sites	where	gas	
hydrate	has	been	
recovered.	

	

	

Figure	4.	Figure	6.	Box	plot	for	published	HI	
values	associated	with	sites	where	gas	hydrate	has	
been	recovered.	Average	HI	is	~170±85	mg	HC/g	
TOC,	median	is	150	mg	HC/g	TOC.	Minimum	HI	is	
50	mg	HC/g	TOC,	maximum	is	410	mg	HC/g	TOC,	
first	quartile	is	~115	mg	HC/g	TOC,	and	third	
quartile	is	~195	mg	HC/g	TOC.	
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Figure	7.	3-D	synthetic	model	simulating	a	four-way	closure	(anticline)	with	intercalated	
sand	and	shale	lithologies.	Depth	in	m.	
	
	

	
	
Figure	8.	3-D	synthetic	model	simulating	a	four-way	closure	(anticline)	with	a	through-
cutting	open	fault.	
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Figure	9.	Cross	section	of	simulated	3-D	model	highlighting	elevated	(>50%)	gas	hydrate	
saturations	at	the	crest	of	folded	lithologies	within	the	anticline.	Results	shown	for	Scenario	
1	(0.1%	TOC	and	100	HI	(mg	HC/g	TOC).	
	

	
	
Figure	10.	Visualization	of	open	fault	(grey)	and	cells	with	>0%	gas	hydrate	saturations.	
Results	shown	for	Scenario	1	(0.1%	TOC	and	100	HI).	Depth	in	m.	 	
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Abstract	

Basin	and	petroleum	system	modeling	(BPSM)	is	a	dynamic	quantitative	method	for	
investigating	 petroleum	 system	 elements	 (trap,	 seal,	 reservoir,	 etc.)	 of	 conventional	 and	
unconventional	 gas	 hydrate	 systems.	 BPSM	 enables	 the	 user	 to	 study	 gas	 hydrate	 by	
integrating	geological	knowledge,	seismic	information,	and	well	data.	The	simulation	of	gas	
hydrate	is	coupled	to	the	generation	and	migration	of	gas	from	the	source	and	included	in	
the	material	balance	of	 the	model.	The	gas	hydrate	 stability	 zone	 is	 a	 sensitive	 system	 –
accordingly,	PetroMod	enables	users	 to	determine	 the	 factors	under	which	a	gas	hydrate	
stability	 zone	 can	 occur	 by	 applying	 PVT	 conditions	 as	 well	 as	 temporal	 and	 spatial	
refinement.	 The	 research	 project	 area	 of	 interest	 (AOI)	 is	 the	 Terrebonne	 Basin	 in	 the	
northern	Gulf	of	Mexico	(Figure	1).	Inputs	are	determined	from	high-resolution	USGS	2-D	
seismic	 lines,	 three	 wells	 in	 the	 AOI,	 and	 3-D	 seismic	 that	 was	 depth	 converted	 using	
interpreted	surfaces,	two	check-shot	surveys,	and	interval	velocities	of	wells.	

The	3-D	model	(Figures	2	and	3)	is	composed	of	~28	million	cells	and	128	layers	at	
present	day.	Spatially,	layers	from	seafloor	to	salt	are	as	thin	as	~0	ft	due	to	sub-layering	
and	pinch-outs.	The	total	model	size	is	23,300	✕	23,300	ft,	or	466	✕	466	grid	cells,	in	the	x	
and	y	directions.	A	mesh,	with	grid	cells	that	are	50	ft	✕	50	ft,	was	used.	From	base	of	salt	
to	 seafloor,	 the	 model	 is,	 on	 average,	 12,300	 ft	 thick.	 Salt	 movement	 is	 determined	 by	
standard	 salt	 restoration	 methods	 (Figure	 4).	 Erosion	 of	 up	 to	 ~1,000	 ft	 (Figure	 5)	 is	
interpreted	 and	 incorporated	 into	 the	 model	 as	 a	 regional	 angular	 unconformity.	
Temporally,	134	timesteps	are	simulated	 from	18	million	years	ago	(Ma)	to	present	with	
resolution	of	up	to	900	years.	

Lithologies	are	calibrated	to	porosity	derived	from	a	suite	of	well	log	curves	using	
different	 percentages	 of	 sand,	 silt,	 shale,	 and	marl,	 laterally	 and	 vertically	 (Figure	 6).	 In	
addition,	 five	pressure	points	 from	mud	weights	are	used	 for	 calibration	 (Figure	 6).	The	
heat	flow	was	determined	by	calibrating	the	base	of	the	gas	hydrate	stability	zone	(BGHSZ)	
observed	in	3-D	seismic	with	the	BGHSZ	predicted	by	the	model	(Figures	7	and	8).	Aside	
from	lateral	gas	hydrate	distribution	correlation,	the	model	output	also	matches	well	with	
vertical	distribution	of	 gas	hydrate	accumulations	predicted	by	a	 suite	of	well	 log	 curves	
(Figure	9).	
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Hydrate	recycling	is	observed	in	cross-sections	and	plan	view	of	hydrate	geobodies	
(Figure	 10).	 Through	 time,	 a	 number	 of	 factors	 influence	 the	 evolution	 of	 hydrate	
accumulations	 and	 one	 of	 the	 driving	 mechanisms	 of	 initial	 hydrate	 formation	 is	 salt	
movement	(Figure	11).	With	the	calibrated	3-D	model,	we	predict	1.32	TCF	of	methane	gas	
is	 trapped	as	hydrate	 in	 this	basin	within	both	source	and	reservoir	rocks.	To	put	 this	 in	
perspective,	according	to	the	U.S.	EIA,	last	year	30	TCF	of	natural	gas	was	consumed.	One	
other	published	estimate,	using	 interpretation	of	wells	and	seismic,	of	gas	 in-place	 in	 the	
form	of	hydrate	in	Terrebonne	Basin	is	744	BCF	(Frye	et	al.,	2012).	Because	only	biogenic	
gas	is	simulated	and	the	modeled	hydrate	saturations	align	vertically	and	laterally	to	those	
predicted	by	seismic	and	wells,	we	provide	this	study	as	support	for	the	hypothesis	that	gas	
hydrate	 in	 this	basin	 is	of	a	predominantly	–	or	perhaps	nearly	entirely	–	biogenic	origin.	
Introducing	a	thermogenic	source	to	the	model	may	create	larger	discrepancy	between	the	
former	estimate	of	gas	volume	trapped	as	hydrate	and	the	estimate	of	this	study.	

This	study	 is	 the	 first	 to:	 (1)	integrate	quantitative	3-D	basin	modeling	of	hydrate	
through	time	with	erosion,	(2)	demonstrate	that	salt	movement	drives	the	initial	formation	
of	hydrate	in	a	basin,	(3)	test	the	impact	of	thermal	conductivity	variations	on	the	hydrate	
petroleum	 system	which	 has	 implications	 for	 double	 BSR	 formation	 (a	 new	 hypothesis)	
and	 for	 drilling/well	 placement	 decisions	 beneath	 seismic	 resolution,	 (4)	use	 3-D	 basin	
models	to	test	the	effectiveness	of	hydrate	as	a	trap	and	as	a	seal,	(5)	demonstrate	that	an	
angular	unconformity	driven	by	uplift	and	erosion	results	in	formation	of	hydrate	at	updip	
pinchouts	 along	 the	 seafloor,	 and	 (6)	 use	 hydrate	 modeling	 as	 a	 way	 to	 predict	 fault	
behavior	through	time	(e.g.,	when	the	fault	is	open	versus	closed).		

Figures	
	

	

Figure	1.	Location	of	
Terrebonne	Basin,	
Gulf	of	Mexico	(red	
dashed	line).	Bold	box	
outlines	WR	block	
313,	the	region	of	a	3-
D	seismic	cube	used	
for	model	surfaces.	
Well	locations	with	
publicly	available	data	
shown	by	red	
triangles.	Seafloor	
bathymetry	at	left	
from	BOEM	and	at	
right	from	seismic.	
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Figure	2.	3-D	view	of	
model	surfaces.	
Seafloor	through	Pink	
Sand	uses	the	naming	
convention	established	
in	literature,	whereas	
BP	Sand	and	deeper	
surfaces	are	
interpreted	using	
seismic	and	deep	
industry	well	#1.	

	
	

	
Figure	3.	Cross	sections	from	3-D	model.	Dominant	lithologies	are	displayed	as	well	as	
projected	wells	and	faults.	
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Figure	4.	Reconstruction	of	salt	3D	geometry	through	time.	Salt	volume	=	15.42	km3,	
average	depth	of	0	Ma	surface	=	6394	ft,	VE	=	0.31,	uniform	thickness	of	salt	=	2024	ft.	

	
Figure	5.	Erosion	(interpreted	from	seismic)	and	salt	structure	exhibit	similar	crescent	
shaped	geometry,	implying	a	causal	relationship.	
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Figure	6.	Porosity	and	pressure	calibrations.	
	
	

	
Figure	7.	Hydrate	accumulations	in	map	view	are	predicted	at	key	surfaces	based	on	
seismic	attributes.	Heat	flow	is	the	key	controlling	factor	of	the	base	of	the	gas	hydrate	
stability	zone.	
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Figure	8.	Cross-section	of	heat	flow	displays	the	influence	of	salt	as	it	draws	heat	away	
from	basin	sediment	and	focuses	it	towards	the	top	of	the	diapir.		
	

	
Figure	9.	Modeled	gas	saturations	agree	well	with	saturations	predicted	from	well	logs.	



 53 

	
Figure	10.	Model	results	of	gas	hydrate	saturation	through	time.	Nine	timesteps	from	8	Ma	
(the	first	occurrence	of	hydrate)	to	present	(0	Ma)	illustrate	that	highest	saturation	values	
and	largest	number	of	hydrate	accumulations	are	at	present	day.	Some	accumulation	
geometries	do	not	change	through	time.	
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Figure	11.	Plan	view	(left)	and	3-D	view	(right)	of	top	salt	structure	and	hydrate	
accumulations.	The	model	predicts	that	hydrate	formed	at	8	Ma	was	due	to	salt	structure	
altering	temperature.	When	salt	evolved	from	a	flat	structure	to	one	with	variation	in	
thicknesses,	hydrate	formed	above	crests	of	diapirs	because	increased	temperature	above	
diapir	caused	the	stability	zone	to	thin.	This	led	to	hydrate	dissociation	beneath	the	new	
stability	zone,	causing	gas	to	migrate	upwards	and	form	higher	hydrate	concentrations	at	
the	new	base	of	stability.	
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Introduction	
	

Carbonate	platforms	are	unmatched	repositories	of	our	planet’s	physical,	chemical,	
and	 biological	 evolutionary	 history	 (Wilson	 1975;	 Grotzinger	 1986,	 1989).	 	 Carbonate	
reservoirs	are	also	host	to	more	than	60%	of	world’s	oil	and	40%	of	world’s	gas	reserves	
(Roehl	and	Choquette,	2012).	One	of	the	main	challenges	in	exploring	for	hydrocarbons	in	
carbonate	systems	 is	predicting	the	distribution	of	 large-scale	architectural	elements	 like	
reefs	 and	 slope	 facies	 in	 carbonate	 platforms.	 	 Because	 carbonate	 platform	 deposits	 are	
inherently	biological	in	nature,	the	growth	patterns	of	reefs	and	platforms	are	controlled	by	
the	dominant	ecology.	Predicting	these	growth	patterns	is	essential	in	carbonate	reservoir	
exploration	 as	 the	 growth	 patterns	 control	 facies	 distribution	 and	 internal	 stratigraphic	
architecture	of	 the	carbonate	platforms.	The	distribution	of	 facies	 is	 the	principal	control	
on	 the	 distribution	 of	 porosity	 and	 permeability	 properties	 of	 carbonate	 reservoirs.	 For	
instance,	 fine	grained	carbonate	mudstone	gives	rise	 to	 intergranular	and	 intercrystalline	
porosity,	whereas	grainstone	and	packstone	facies	give	rise	to	moldic	or	solution	enlarged	
cavernous	porosities.	Various	 forward	stratigraphic	modeling	techniques	have	been	used	
to	simulate	carbonate	platform	evolution	as	a	function	of	sediment	production,	transport,	
tectonic	 subsidence,	 and	 eustasy.	 However,	 modeling	 the	 complex	 interaction	 between	
these	 physical	 factors	 generally	 leads	 to	 nonlinear	 sets	 of	 equations	 that	 are	 not	 only	
inherently	complex	to	solve	but	also	prohibit	the	complete	exploration	of	parameter	space.	
Another	associated	challenge	is	the	non-uniqueness	of	the	input	parameters	incorporated	
while	modeling	 carbonate	 dominant	 sedimentary	 systems.	We	have	 developed	 a	 suite	 of	
analytical	 equations	 that	 are	 computationally	 inexpensive,	 reduce	 the	 non-uniqueness	
problem,	 and	 allow	 comprehensive	 exploration	 of	 parameter	 space	 while	 modeling	 the	
petroleum	systems	involving	carbonate	sedimentary	systems.	
	
Methodology	
	

Geometrically,	 an	 attached	 carbonate	 platform	 is	 distinguished	 by	 a	 flat	 inner	
platform	 abruptly	 transitioning	 into	 relatively	 steeper	 slope	 environment	 and	 into	 the	
adjacent	 basin	 (Figure	 1).	 The	 platform	 geometries	 are	 categorized	 as	 prograding,	
aggrading,	or	retrograding	based	on	the	changing	position	of	the	platform	margin	through	
time	(Read,	1982).	We	assumed	an	initial	platform	geometry	and	using	simple	assumptions	
about	subsidence,	sediment	production,	and	transport,	we	developed	analytical	equations	
that	predict	 the	evolution	of	platform	geometries.	 In	 case	where	 the	margin	 trajectory	 is	
available	from	seismic	and/or	outcrop	data,	we	calculate	basin	modeling	parameters	such	
as	sediment	production	rate.		We	also	limit	the	sediment	transport	width	of	the	platform	by	
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using	 an	 inverse	modeling	 approach.	 	 Finally,	 we	modeled	 the	 impact	 of	 basinal/pelagic	
sedimentation	on	the	evolutionary	trajectory	of	the	carbonate	platforms	(Figure	2).	
	
Results	and	Conclusions	
	

We	modelled	the	interactions	between	antecedent	topography,	nature	of	carbonate	
factory	 (reef	 vs	 microbial),	 and	 sediment	 transport	 width	 to	 predict	 the	 evolution	 of	
carbonate	platform	trajectories.	
		

To	 test	 the	 practical	 applicability	 of	 our	 growth	 equations,	we	 applied	 our	model	
equations	to	the	Carboniferous	Sierra	Del	Cuera	carbonate	platform	(microbial	factory)	in	
Spain	and	Llucmajor	Reef	complex	 in	Mallorca	(Figure	3)	 to	 inversely	calculate	platform	
parameters	 like	 sediment	 production	 potential	 and	 sediment	 transport	 width.	 These	
inversely	 calculated	 parameters	 are	 geologically	 constrained	 and	 can	 be	 used	 as	 basin	
modeling	inputs	while	developing	complex	reservoir	models	for	carbonate	platforms	with	
microbial	factory	(Ex.	Tengiz	Field,	Kazakhstan)	or	with	metazoan	reef	factory	(Ex.	Miocene	
carbonate	complexes	in	central	Luconia,	Malaysia).	
	

In	 conclusion,	 our	 models	 reliably	 predict	 the	 growth	 trajectories	 of	 carbonate	
platform	margins	using	 the	 simple	assumptions	about	subsidence,	pelagic	 sedimentation,	
sediment	production,	and	transport.	These	models	alleviate	the	problem	of	non-uniqueness	
and	 allow	 for	 comprehensive	 exploration	 of	 parameter	 space	 while	 modeling	 the	
stratigraphic	evolution	of	carbonate	sedimentary	systems.		
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Figures	
	

	
Figure	1.	The	initial	platform	geometry	assumed	for	carbonate	platform.		
	

	
Figure	2.	The	figure	above	shows	the	modeling	approach	used	to	model	the	influence	of	pelagic	
sedimentation	on	the	evolution	of	platform	trajectories.		
	

	
Figure	3.	The	figure	on	the	left	shows	the	margin	trajectory	(dashed	red	line)	of	the	
Llucmajor	Reef	complex	and	the	figure	on	the	right	shows	the	simulation	results	of	the	
modeled	vs	actual	platform	geometry.	
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Abstract	
	

Oolite	 can	develop	 into	economically	profitable	hydrocarbon	 reservoirs.	Examples	
include	the	Lower	Triassic	Khuff	Formation	in	the	Middle	East,	the	Feixianguan	Formation	
in	south	China,	and	the	Jurassic	Smackover	Formation	in	the	United	States.	Predicting	the	
reservoir	quality	of	oolite	is	one	of	the	main	challenges	for	petroleum	exploration	because	
depositional	 porosity	 can	 be	 overprinted	 by	 complex	 diagenetic	 processes.	 Core	 analysis	
techniques	 and	wireline	 logs	 (density,	 sonic,	 neutron	 and	NMR	 logs)	 are	 useful	 tools	 for	
reservoir	characterization,	but	they	do	not	directly	reveal	the	controls	on	reservoir	quality	
that	 are	 critical	 for	prediction	away	 from	 the	wellbore.	As	a	 solution,	 forward	diagenetic	
models	 have	 been	 used	 to	 predict	 reservoir	 quality	 in	 undrilled	 locations.	 Among	 initial	
input	 parameters,	 depositional	 porosity	 is	 a	 critical	 one	 at	 influencing	 final	 modeling	
results.	

	
Interparticle	 porosity	 is	 the	 most	 important	 type	 of	 primary	 porosity	 in	 oolite.	

Interparticle	pores	in	oolite	are	primarily	influenced	by	the	sizes	of	ooids	and	the	amount	
of	early	marine	cements	occluding	pores	(Figure	1).	Ooid	sizes	vary	substantially	in	space	
and	 in	 time.	Modern	 ooids	 typically	 have	 diameters	 in	 the	 range	 of	 0.5	mm	and	 ancient	
ooids	 are	 typically	 smaller	 than	 2	 mm	 in	 diameter,	 but	 ooids	 approaching	 or	 even	
exceeding	 10	 mm	 in	 diameter	 occur	 in	 Neoproterozoic	 and	 Lower	 Triassic	 marine	
carbonate	succession	(Sumner	and	Grotzinger,	1993;	Lehrmann	et	al.,	2012).	

	
The	 size	 of	 ooids	 can	 be	 predicted	 from	 carbonate	 saturation	 state	 in	 the	 water	

column	and	transport	intermittency	of	ooids	through	a	physio-chemical	model	(Trower	et	
al.,	 2017).	 In	 general,	 higher	 carbonate	 saturation	 state	 tends	 to	 increase	 ooid	 size	 by	
elevating	 precipitation	 rate	whereas	 greater	 transport	 intermittency	 tends	 to	 reduce	 the	
size	by	escalating	time-averaged	abrasion	rate	(Figure	2).	Transport	intermittency	of	ooids	
would	be	related	to	transport	distance	from	their	original	site	of	precipitation	(i.e.,	oolitic	
shoals	on	platform	margin),	likely	reflecting	increasing	distance	from	platform	margin	and	
changes	in	depositional	sub-environments	(e.g.	back-shoal	versus	channels	between	oolitic	
bars).	 In	 addition	 to	 controlling	 the	 size	 of	 ooids,	 coeval	 carbonate	 saturation	 state	 also	
directly	determines	the	rate	of	carbonate	mineral	precipitation	(Burton	and	Walter,	1987)	
and	 therefore	 the	 amount	 of	 early	marine	 cements	 filling	 the	 interparticle	 pores	 among	
ooids	(Figure	1).	This	relationship	implies	that	the	amount	of	early	marine	cements	can	be	
estimated	and	predicted	if	the	size	of	ooids	is	known	at	different	sub-environments.	Thus,	
the	 depositional	 interparticle	 porosity	 in	 oolite	 can	 be	 further	 quantified	 for	 oolite	
deposited	away	from	platform	margin.	
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The	Great	Bank	of	Guizhou	is	a	Permian-Triassic	isolated	carbonate	platform	in	the	
Nanpanjiang	 Basin	 of	 south	 China.	 It	 transitioned	 from	 a	 low-relief,	 gently	 dipping	
carbonate	ramp	from	the	earliest	Triassic	to	a	high-relief,	steep-sloped	carbonate	platform	
before	 the	 Middle	 Triassic	 without	 microbial	 and	 metazoan	 reefs	 and	 synsedimentary	
tectonics	 near	 platform	 margin	 (Figure	 3).	 During	 the	 transition,	 oolite	 was	 the	 main	
lithofacies	on	the	platform	margin	and	occasionally	extended	to	platform	interior.	Because	
its	stratigraphic	architecture	is	well	exposed	by	a	platform-to-basin	transect	(Figure	3),	it	
offers	 a	 rare	 opportunity	 to	 test	 the	 potential	 relationships	 among	 carbonate	 saturation	
state,	ooid	size,	amount	of	early	marine	cements,	and	depositional	interparticle	porosity	in	
oolite	with	distance	to	the	platform	margin.	

	
Future	work	will	focus	on	quantifying	the	size	distribution	of	ooids	and	amount	of	

early	marine	cements	at	different	 locations	along	the	same	bed	or	 interval	of	oolite	away	
from	 platform	 margin.	 Results	 from	 this	 study	 might	 shed	 light	 on	 prediction	 of	
depositional	 interparticle	porosity	 in	oolite	 for	 forward	diagenetic	modeling	and	 improve	
the	precision	of	simulations	prior	to	drilling.	

	
Figures	
	
	

	
Figure	1.	Porosity	controlled	by	different	sized	ooids	and	relationship	between	carbonate	
saturation	state,	ooid	size,	and	early	marine	cementation.	
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Figure	2.	Modeling	results	of	chemical	properties	of	seawater	carbonate	chemistry	
required	for	Early	Triassic	giant	ooid	(>2mm)	formation	in	the	Great	Bank	of	Guizhou.	
Dashed	lines	represent	values	from	modern	tropical	ocean.	
	

	
	
Figure	3.	Satellite	image	and	stratigraphic	architecture	of	the	Great	Bank	of	Guizhou.	
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Abstract	
	

Improved	understanding	and	prediction	of	overpressure,	porosity,	thermal	history,	
and	 petroleum	 expulsion,	 retention,	 and	 producibility	 from	 source	 rocks	 was	 achieved	
through	 advanced	 3D	 basin	 modeling,	 integrating	 compositional	 kinetics,	 geochemistry,	
and	 geomechanics	 of	 the	Vaca	Muerta	 Sequences,	Neuquén	Basin,	 Argentina.	 The	 source	
rock	 data	 show	 lateral	 and	 vertical	 heterogeneities.	 The	 effects	 of	 key	 mechanisms	 and	
variables	 were	 studied,	 such	 as	 the	 compressibility,	 permeability-porosity	 relationship,	
facies	 heterogeneity,	 erosion	 and	maturation	 timing,	 heat	 flow	history,	 kerogen	 reaction	
kinetics,	 and	 petroleum	 adsorption	 within	 the	 source	 rock.	 The	 3D	 basin	 model	 was	
calibrated	 with	 a	 multidisciplinary	 dataset.	 Model	 results	 indicate	 that	 basin-wide	
petroleum	expulsion	likely	started	in	the	late	Cretaceous	(Figure	1),	when	active	primary	
and	 secondary	 petroleum	generation	 exceeded	 the	 retention	 capacity	 of	 the	 source	 rock	
and	 associated	 pore	 pressure	 exceeded	 the	 hydraulic	 fracturing	 threshold	 (Figure	 2).	
Expulsion	 likely	 ceased	 in	 stages	 during	 the	 Early	 Tertiary	 until	 the	Mid-Miocene	 when	
pore	pressure	decreased	due	to	the	completion	of	primary	generation	and	cracking	of	polar	
components,	secondly	cracking	of	saturates	and	aromatics,	and	finally	cracking	of	wet	gas	
components.	Through	continuous	burial	and	thermal	maturation,	cracking	continued	until	
the	 final	 products	 of	 coke	 and	methane,	 whereas	 petroleum	 retention	 decreased	 due	 to	
expulsion	and	decreased	retention	capacity	of	coke	compared	to	active	kerogen.		

	
Geological	 evidence	and	modeling	 indicate	 that	 tectonic	uplift	 likely	 started	 in	 the	

mid-Miocene	 (~15	Ma),	which	 relaxed	 thermal	 stress	 and	 pore	 pressure	 and	 terminated	
secondary	 cracking	 (Figure	 2).	 Model	 results	 also	 suggest	 that	 during	 the	 thermal	
maturation	process,	adsorbed	hydrocarbons	always	exceed	free	hydrocarbons	retained	in	
the	 source	 rock	 (Figure	 1).	 The	modified	 14	 component	 kinetics	 and	 adsorption	model	
have	 similar	 reaction	 and	 adsorption	 framework	 as	 Burnham	 (2017b)	 for	 cokes,	 polar	
components,	 light	 and	 medium	 saturates	 and	 aromatics,	 wet	 gases,	 methane,	 carbon	
dioxide,	and	water.	After	calibration	of	kerogen	reaction	kinetics,	cracking	kinetics	 for	10	
secondary	reactants	and	12	byproducts,	and	the	preferential	capacities	of	adsorption	for	14	
components,	free	hydrocarbons	in	the	source	rock	pore	space	have	similar	composition	to	
produced	oils,	and	total	retained	(adsorbed	and	free)	oil	has	a	similar	composition	to	rock	
extracts	(Figure	3).		
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The	 basin	model	 indicates	 that	 (1)	 polar	 components	 are	 preferably	 adsorbed	 in	

source	 rock	at	<0.75%Ro,	 then	cracked	 throughout	maturation,	 and	mostly	 consumed	by	
about	 1.40%Ro;	 (2)	At	<1.15%Ro,	 saturates	 and	 aromatics	 are	 generated	 in	 about	 equal	
proportion	and	stored	within	the	source	rock;	(3)	Saturates	gradually	increase	relative	to	
aromatics	 in	 both	 free	 and	 adsorbed	 oil	 due	 to	 preferential	 generation	 of	 saturates	 by	
thermal	 cracking	 and	 preferential	 thermal	 cracking	 of	 aromatics,	 which	 are	 mostly	
consumed	by	about	1.65%Ro;	(4)	the	preferential	adsorption	of	aromatics	causes	a	higher	
saturates-to-aromatics	 ratio	 in	 the	 free	 oil.	 The	model	 for	 a	 closed	 system	 predicts	 that	
further	maturation	would	consume	residual	oil	(light	saturates)	by	2.60%Ro;	and	that	wet	
gas	components	would	be	depleted	by	3.35%Ro.	The	methodology	and	the	insights	of	this	
study	 not	 only	 improve	 the	 fundamental	 understanding	 of	 petroleum	 expulsion	 and	
retention	 within	 the	 Vaca	 Muerta	 Formation,	 but	 also	 can	 be	 applied	 to	 global	
unconventional	oil	and	gas	plays.	
	
Figures	
	

	
Figure	1.	Maturation,	petroleum	generation,	retention,	and	expulsion	histories	for	wells	
with	different	thermal	maturities.	
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Figure	2.	Burial	history	and	associated	pressure,	porosity,	and	petroleum	histories	
for	well	6.	
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Figure	3.	Comparison	of	modeling	results	and	measured	data	for	polar	percent	and	
saturates-aromatics	ratio	(Sat/Aro)	vs.	vitinite	reflectance	equivalents	VReq	(%).		
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Abstract	
	

The	 Middle	 Magdalena	 Valley	 (MMV)	 is	 an	 intermontane	 basin	 and	 petroleum	
province	 in	 northern	 Colombia	 that,	 along	with	 the	 Eastern	 Cordillera	 and	 Llanos	Basin,	
acted	as	a	regional	sedimentary	basin	from	the	Triassic	into	the	Late	Neogene	(Figure	1).	
The	MMV	is	a	productive	petroleum	province,	accounting	for	nearly	3	billion	barrels	of	oil	
and	3	 trillion	 cubic	 feet	of	 gas	 from	more	 than	40	 fields	 in	over	a	 century	of	 exploration	
(IHS,	 2010).	 The	 distribution	 of	 fields,	 in	 addition	 to	 the	 estimated	 ultimate	 recoverable	
resource	 in	 oil	 equivalent	 barrels,	 are	 shown	 in	 Figure	 2.	 Several	 of	 the	 larger	
accumulations	 in	 the	central	portion	of	the	study	area	were	discovered	early	in	 the	basin	
exploration	 history	 (Morales,	 1956;	 Dickey,	 1992).	 However,	 as	 exploration	 progressed,	
large	 fields	 in	 the	 southern	 portion	 of	 the	 MMV,	 as	 well	 as	 several	 moderate	 to	 small	
accumulations	in	the	northern	MMV,	have	contributed	to	reserves.	Despite	this	long	history	
of	petroleum	exploration,	 the	 complex	burial	 and	variable	exhumation	history	associated	
with	the	Andean	orogeny	contribute	uncertainty	to	the	evaluation	of	petroleum	systems	in	
the	MMV	by	affecting	the	distribution,	quality,	and	thermal	maturity	of	the	thick	Cretaceous	
interval	of	organic-rich	source	rocks.		
	

During	 the	Late	Cretaceous,	 restricted	marine	 conditions	resulted	 in	deposition	of	
organic-rich	 carbonate	 and	 siliciclastic	 sediments	 in	 a	 broad	 foreland	 basin	 within	 the	
MMV,	Llanos	Basin,	and	the	modern-day	Eastern	Cordillera	(Cooper	et	al.,	1995;	Parra	et	
al.,	 2009;	 Villamil,	 1999).	 The	 generative	 potential	 of	 the	 Upper	 Cretaceous	 La	 Luna	
Formation,	 a	 lateral	 equivalent	 to	 the	 primary	 source	 rock	 of	 the	 same	 name	 for	 the	
Maracaibo	Basin	in	Venezuela,	has	been	well-documented	through	source	rock	analysis	and	
oil-source	rock	extract	correlations	within	the	MMV	(e.g.,	Zumberge,	1980,	1984;	Ramon	et	
al.,	2001;	Rangel	et	al.,	2000).	However,	other	source	rocks	could	also	contribute	to	change	
in	the	basin.	Specifically,	deposition	of	the	Aptian-Albian	Tablazo	Formation	was	coincident	
with	 a	 period	 of	 ocean	 anoxia	 and	 local	 deepening	 that	 resulted	 in	 organic	 matter	
preservation	(Villamil,	1998).		
	

A	regional	study	of	Colombian	oils	by	Rangel	et	al.	(2017)	identified	two	petroleum	
families	in	the	MMV	and	suggested	that	one	originated	from	the	calcareous	facies	of	the	La	
Luna	 Formation,	 whereas	 the	 other	 originated	 from	 siliciclastic	 facies	 of	 the	 Tablazo	
Formation.	 An	 oil-source	 rock	 correlation	 performed	 by	 Rangel	 et	 al.	 (2002)	 identified	
petroleum	in	the	MMV	from	the	transitional	Umir	Formation,	stratigraphically	above	the	La	
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Luna,	as	well.	Figure	3	shows	a	log	suite	of	Rock-Eval	Tmax	(the	temperature	corresponding	
to	 the	 maximum	 production	 of	 hydrocarbon	 products	 by	 kerogen	 cracking	 during	
pyrolysis),	 resistivity,	 total	 organic	 carbon	 (TOC),	 and	 hydrogen	 index	 (HI)	 data	 for	 a	
location	in	the	central	MMV.	The	erosion	of	the	Lisama	and	Umir	formations	as	well	as	the	
Olini	Member	 of	 the	 La	 Luna	 Formation	 illustrate	 the	 impact	 in	 the	 central	MMV	 of	 the	
Eocene	exhumation.	The	source	potential	of	the	interval	is	also	illustrated	by	the	high	TOC	
and	 resistivity	 values	 of	 the	 La	 Luna	 and	 Tablazo	 formations.	 However,	 the	 elevated	
thermal	maturity,	indicated	by	Rock-Eval	Tmax,	and	resulting	depletion	of	HI	in	the	Tablazo	
Formation	complicate	the	thermal	maturation	and	petroleum	system	story.	In	so	doing,	the	
log	 in	Figure	3	 illustrates	both	the	source	potential	of	 the	Cretaceous	 interval	within	the	
MMV	and	the	 importance	of	modeling	thermal	maturation	 in	understanding	the	resulting	
petroleum	systems.		
	

Plate	convergence	along	the	western	margin	of	South	America	acted	as	the	primary	
driver	 for	 the	Paleogene	evolution	of	 the	MMV.	The	oblique	accretion	of	 the	Panama	 arc	
and	the	western	terranes	of	 the	Central	and	Western	Cordilleras	propagated	deformation	
from	the	Central	Cordillera	eastward.	In	the	process,	tectonic	inversion	of	the	Mesozoic	rift	
system	 in	 the	 present-day	 Eastern	 Cordillera	 fragmented	 the	 once	 continuous	 foreland	
basin	 and	 exhumed	 Paleocene	 and	 Late	 Cretaceous	 sediments	 of	 the	MMV	 (Parra	 et	 al.,	
2009;	Restrepo-Pace	et	al.,	2004;	Mora	et	al.,	2009).	During	this	period,	the	environment	of	
deposition	in	the	MMV	transitioned	to	nonmarine	with	intervals	of	fluvial	and	alluvial	fan	
sandstones	denuded	from	exhumed	intervals	 in	 the	 flanking	cordilleras	(Reyes-Harker	et	
al.,	2015).	Most	oil	and	gas	fields	in	the	MMV	produce	from	the	Paleogene	fluvial-sandstone	
reservoirs	 of	 the	 Colorado,	Mugrosa,	 Esmeraldas,	 and	 La	 Paz	 Formations.	However,	 new	
play	concepts	targeting	Cretaceous	siliciclastic	reservoirs	are	being	explored	(e.g.	Prince	et	
al.,	2011).	Three-dimensional	basin	and	petroleum	system	modeling	(BPSM)	can	be	used	as	
a	 tool	 for	 the	 integration	of	 research	and	data	 from	past	 academic	and	 industry	work	 in	
order	to	address	unanswered	questions	surrounding	the	complex	 interplay	of	 the	MMV’s	
basin	evolution	and	petroleum	systems.	
	

The	objectives	of	this	study	are	to:	(1)	understand	source	rock	thermal	maturation	
through	 time;	 (2)	 incorporate	 the	 effects	 of	 the	 Eocene	 exhumation	 and	 subsequent	
reburial	on	thermal	maturation;	and	(3)	relate	 the	three-dimensional	modeling	results	 to	
the	 geochemically	 distinct	 petroleum	 tribes	 within	 the	 basin	 (Thompson-Butler	 et	 al.,	
2019).	
	

Data	 from	 250+	 wells	 were	 used	 to	 construct	 a	 three-dimensional	 basin	 and	
petroleum	system	model	 for	 the	Middle	Magdalena	Valley	 (MMV),	Colombia.	Twenty-five	
geologic	layers	are	used	to	capture	the	Jurassic	-	to	-	modern	sedimentary	units	deposited	
within	 the	 MMV.	 Twenty-six	 one-dimensional	 models	 were	 used	 to	 predict	 the	 variable	
eroded	thickness	related	to	the	early	Eocene	exhumation	across	the	basin	and	models	were	
calibrated	 to	 thermal	maturity	and	 temperature	data.	 Six	distinct	 source	 rock	 intervals	–	
the	 Tablazo	 Formation,	 Salada,	 Pujamana,	 Galembo,	 and	 Olini	 Members	 of	 the	 La	 Luna	
Formation,	and	the	Umir	Formation	–	were	defined	and	populated	with	unique	TOC	and	HI	
maps	and	kinetics.	The	present-day	modeled	transformation	ratio	(TR)	indicates	that	much	
of	the	Tablazo	Formation	is	in	the	late	oil	window	to	overmature	whereas	the	Salada	and	
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Pujamana	Members	of	 the	La	Luna	Formation	are	 in	 the	 late	oil	window	in	the	northern,	
eastern,	and	southern	basin	depocenters.	In	contrast,	the	Galembo	Member	and,	to	a	larger	
extent,	the	Olini	Member	and	Umir	Formation,	are	in	the	early	to	peak	generative	window	
in	much	 of	 the	 basin.	 Additionally,	modeled	 bulk	 petroleum	generation	 over	 time	shows	
that	the	majority	of	petroleum	generation	in	the	basin	since	early	Eocene	exhumation	has	
come	from	these	three	intervals	as	tectonic	accommodation	along	the	eastern	flank	of	the	
basin	 resulted	 in	 the	 deposition	 of	 thick	 Miocene	 overburden.	 Despite	 peak-to-late	 oil	
window	thermal	maturities	 in	sections	of	 the	present	day	Tablazo,	Salada,	and	Pujamana	
intervals,	 these	 units	 have	 been	 inactive	 for	 petroleum	 generation	 in	much	 of	 the	 basin	
since	 the	 early	 Eocene.	 Capturing	 the	 variability	 in	 thermal	 maturation	 and	 petroleum	
generation	 over	 time	within	 the	 Cretaceous	 source	 rock	 intervals	 illustrates	 the	 value	 of	
BPSM	in	petroleum	system	analysis	of	the	MMV.	
	
Figures	
	

	
	
Figure	1.	Elevation	map	of	Colombia	showing	the	location	of	the	Middle	Magdalena	Valley	
(MMV)	in	the	dashed	black	inset	box.	In	addition,	the	Central	Cordillera	(CC),	Eastern	
Cordillera	(EC),	and	Llanos	Basin	(LB)	are	labeled.	
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Figure	2.	Map	of	the	Middle	
Magdalena	Valley,	roughly	the	
area	of	the	inset	box	in	Figure	1.	
The	location	of	oil	fields	and	four	
wells	with	fluid	samples	used	in	
Thompson-Butler	et	al.,	2019	(W-
A	to	W-D)	are	shown.	Circle	sizes	
indicated	the	proven	probable	
estimated	ultimate	recovery	in	106	
barrels	of	oil	equivalent	(BOE)	for	
each	field	(IHS,	2010;	internal	
Ecopetrol	reporting).	Numeric	
labels	are	used	as	map	identifiers	
referenced	in	Table	1.	EUR	=	
estimated	ultimate	recovery;	PP	=	
proven	probable.	

	
	

	

Figure	3.	Geochemical	log	of	
Rock-Eval	Tmax,	resistivity,	
total	organic	carbon	(TOC),	
and	hydrogen	index	(HI)	for	
the	Cretaceous	section	in	a	
well	in	the	central	Middle	
Magdalena	Valley.	Dashed	
lines	indicate	threshold	
values	of	Tmax	(435oC	and	
455oC),	TOC	(2	wt.	%),	and	HI	
(200	mg/g	TOC).	The	Eocene	
unconformity	shows	that	the	
Lisama	Formation,	Umir	
Formation,	and	the	Olini	
Member	of	the	La	Luna	
Formation	are	eroded.	
Primary	source	intervals,	
dark	green,	local	source	rock	
intervals,	light	green.	Fm.,	
Formation;	Gp.,	Group.	
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Abstract	
	

Geochemistry	 data	 obtained	 via	 programmed	 pyrolysis	 of	 geologic	 samples	 are	
widely	 used	 in	 the	 oil	 and	 gas	 industry	 because	 pyrolysis	 is	 a	 quick	 and	 inexpensive	
technique	 and	 the	 data	 help	 to	 characterize	 both	 source	 and	 reservoir	 rock	 intervals.		
However,	 the	 interpretation	of	such	data	 is	made	difficult	by	 several	 limitations.	 	Among	
many	 others,	 these	 pitfalls	 include	 inconsistency	 between	 laboratories	 and	 carry-over	 of	
the	free	petroleum	signal	S1	into	the	generative	potential	signal	S2,	which	can	cause	a	low-
temperature	 shoulder	 on	 the	 S2	 peak	 and/or	 very	 broad	 S2,	 thereby	 rendering	 the	
maximum	temperature	(Tmax)	suspect.	 	To	help	remedy	these	and	other	deficiencies,	we	
codified	 nine	 quantitative	 rules	 for	 screening	 programmed	 pyrolysis	 data.	 	 We	 refer	 to	
these	collectively	as	PARSE:	Pyrolysis	Analytical	Rules	 for	Screening	and	Evaluation.	 	The	
PARSE	rules	are	designed	to	filter	an	input	data	set	by	a	predefined	series	of	quantitative	
criteria,	 resulting	 in	 a	 final	 data	 set	 of:	 1)	 reliable	 thermal	 maturity	 indicator	 Tmax;	 2)	
potential	 source	 rock	 intervals;	 and	 3)	 potential	 reservoir	 rock	 intervals.	 	 PARSE	 can	
interpret	 data	 from	 a	 single	well	 or	 numerous	wells	 (either	 individually	 or	 aggregated).		
Moreover,	 the	 rules	 are	 flexible:	 thresholds	 within	 each	 rule	 can	 be	 adjusted	 by	 basin,	
kerogen	type,	user	experience,	or	based	on	patterns	observed	in	the	data.		More	than	half	of	
the	 rules	 focus	 on	 Tmax.	 	 Two	 of	 the	 rules	 identify	 intervals	 of	 possible	 migrated	 oil.		
Finally,	 several	 rules	 activate	 when	 values	 are	 deemed	 geologically	 or	 operationally	
implausible.		PARSE	has	been	demonstrated	on	geochemical	logs	from	oil	and	gas	wells,	on	
outcrop	 samples,	 on	 thermally	 immature	 source	 rock	 data	 from	 an	 entire	 basin,	 and	 on	
paired	Tmax-vitrinite	 reflectance	 data	 to	 establish	 a	 linear	 relationship	 between	 the	 two	
thermal	 maturity	 parameters.	 	 In	 summary,	 PARSE	 greatly	 improves	 confidence	 in	
programmed	 pyrolysis	 data	 by	 rejecting	 spurious	 values	 according	 to	 a	 rigorous	 set	 of	
criteria.	 	 In	 the	 era	 of	 big	 data	 and	machine	 learning,	 such	 pre-processing	 steps	 take	 on	
more	importance	than	ever	before.	
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Abstract	
	
	 Favorable	potential	for	the	Shublik	shale	oil	play	in	the	Central	Alaska	North	Slope	is	
based	on	geochemical,	physical	property,	and	seismic	data	acquired	over	the	last	several	
decades.	The	Alaska	North	Slope	is	a	world-class	petroleum	province,	with	50	years	of	
production	totaling	about	15	billion	barrels	of	oil	from	conventionally	trapped	
accumulations.	Despite	this	success,	organic-rich	source	rocks	within	the	region	have	yet	to	
be	successfully	drilled	as	unconventional	plays.		This	research	defines	the	geochemical	and	
physical	parameters	that	make	the	Shublik	Formation	a	target	for	commercial	shale	oil.		
	

This	source	rock	is	regionally	extensive,	ranges	in	thickness	from	80	to	200	ft	(25	to	
60	m),	and	has	original	organic	carbon	and	hydrogen	indices	of	2	to	10	wt%	and	~700	to	
~1000	mg	HC/g	TOC,	respectively.		In	the	area	most	prospective	for	shale	oil,	the	thermal	
maturity	of	the	Shublik	Formation	ranges	from	0.9	to	1.35%	Ro.	The	ability	to	produce	
petroleum	by	artificial	stimulation	is	likely	enhanced	by	natural	fracturing,	which	is	
observed	from	hand	sample	scale	to	regional	seismic	scale.		Fractures	are	aligned	with	the	
minimum	and	maximum	horizontal	stress	directions	and	stress	anisotropy	is	small.		
Finally,	both	mineralogy	(carbonate	and	quartz	rich,	clay	poor)	and	elastic	properties	(high	
Young’s	modulus,	low	Poisson’s	ratio)	indicate	that	the	Shublik	source	rock	is	
geomechanically	optimal	for	artificial	fracturing.	With	completion	techniques	already	
developed	in	successful	shale	oil	accumulations,	the	Shublik	Formation	should	be	
considered	a	viable	resource	play	in	the	Central	North	Slope	in	Alaska.	
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Abstract	
	

There	 is	 no	 breakthrough	 on	 shale	 gas	 exploration	 in	 northwestern	 (NW)	Hunan	
from	South	China	yet.	However,	the	cumulative	production	of	the	Fuling	shale	gas	field	has	
reached	 1	 ×1011	 m3	 in	 recent	 years,	 and	 now	 Yiye1HF	 well	 and	 Yangye1HF	 well	 have	
respectively	 1.24	 ×105	m3	 and	 2.89	 ×105	m3	 unimpeded	 production	 of	 shale	 gas	 per	 day	
from	 early	 Cambrian	 formations.	 The	 study	 area	 has	 good	 hydrocarbon	 generation	
conditions	with	a	large	spatial	extent	of	organic-rich	Niutitang	black	shales.	However,	this	
area	 has	 experienced	 a	 long	 and	strong	 tectonic	 deformation,	 and	 the	 ancient	 reservoirs	
may	have	been	damaged	possibly	to	the	point	where	they	no	longer	exist.	Based	on	the	data	
of	an	exploratory	well	in	NW	Hunan,	the	adsorbed	state	of	shale	gas	accounts	for	69.7%	on	
average	with	a	range	of	49.8	%	to	83.5	%.	In	comparison,	the	adsorbed	state	of	shale	gas	in	
Fuling	 field	 only	 accounts	 for	 an	 average	 of	 34.3%	 with	 a	 range	 of	 27.1	 %	 to	 47.8	%.	
Therefore,	 the	 adsorption	 abilities	 of	 the	 shale	 reservoir	 play	 a	 significant	 role	 in	 the	
success	of	 exploration	and	production	of	 shale	gas.	 In	 this	paper,	wells	HY1,	CY1	and	SY	
were	 studied	 to	 systematically	 analyze	 the	 feature	 of	 pore	 microstructure	 and	methane	
adsorption	(Figure	1).	
	

Until	now,	 there	 is	no	unified	 scheme	 for	 the	classification	of	 shale	pores.	We	can	
divide	the	pores	into	mineral	matrix	pores,	organic-matter	pores	and	fracture	pores	under	
field	emission	scanning	electron	microscope	(FESEM).	These	pores	can	be	further	classified	
according	to	their	shape	features	and	formation	mechanism	(Figure	2).	

	
In	the	two	different	stages	(0<P/P0<0.5	and	0.5<P/P0<1,	P	is	the	partial	pressure	of	

N2,	and	P0	is	saturated	vapor	pressure	of	N2	at	the	experimental	temperature),	we	can	get	
the	two	different	fractal	dimension	D1	and	D2	from	low	temperature	N2	adsorption	(Figure	
3a).	The	process	of	N2	adsorption	is	governed	by	Van	der	Waals	force	under	low	pressure,	
corresponding	to	fractal	dimension	D1.	Because	of	N2	molecule	was	adsorbed	and	arranged	
on	the	surface,	where	surface	adsorption	dominated,	D1	can	reflect	the	surface	roughness	
of	 the	 pore	 microstructure.	 Meanwhile,	 at	 higher	 pressure,	 adsorbed	 gas	 increasingly	
depends	 on	 multi-layer	 adsorption	 and	 even	 capillary	 condensation,	 corresponding	 to	
fractal	dimension	D2,	which	is	used	to	define	the	pore	microstructure	irregularity.		There	is	
a	significant	correlation	between	D1	and	D2	in	well	HY1	and	SY,	which	means	the	function	
of	pore	roughness	and	irregularity	is	consistent.	Except	well	CY1,	we	can	find	that	D1	has	a	
better	relationship	with	Langmuir	volume	(Figure	3b).	Meanwhile,	there	is	no	correlation	
between	D2	and	Langmuir	volume.	It	is	easy	to	conclude	that	the	abilities	of	gas	storage	are	
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more	dependent	upon	the	surface	roughness	of	the	pores,	but	not	the	irregularity.	There	is	
also	a	strong	positive	relationship	between	ln	(TOC)	and	D1	(Figure	3c),	which	means	that	
the	effect	of	TOC	is	more	sensitive	within	a	lower	range.	

	
The	organic	matter	(OM)	pores	with	kerogen	macromolecular	aggregation	are	also	

widely	developed,	 and	they	 can	provide	a	 large	 special	 surface	area	 (SSA)	and	 total	pore	
volume	(TPV)	(Figure	4a-b).	Meanwhile,	OM	is	the	material	basis	for	gas	adsorption,	and	
has	 a	 strong	 adsorption	 ability	 and	 ample	 space	 for	 gas	 storage.	 There	 is	 also	 a	 strong	
positive	correlation	between	TOC	and	Langmuir	volume	(Figure	4c).	Abundant	OM	is	very	
important	to	improve	gas	adsorption	capacity	of	shale	reservoir	in	different	ways.	

	
Figures	
	

	

Figure	1.	Geographical	map	
of	northwestern	Hunan	and	
some	shale	gas	wells.	

	
	

	

Figure	2.	The	
microstructure	features	of	
different	pores	under	
FESEM.	
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Figure	3.	The	results	of	
low	temperature	N2	
adsorption.	

	
	

	

Figure	4.	Correlation	
between	TOC	and	SSA,	
TPV,	and	Langmuir	
volume.	
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Abstract	
	
	 Compound	specific	 isotope	 analysis	 of	 biomarkers/hopanes	 (CSIA-Bh)	 is	 a	 powerful	
method	 for	 correlation	 of	 crude	 oils	 and	 determination	 of	 their	 sources.	 As	many	 as	 six	
source	 rock	depositional	 environments	are	delineated	 for	oils	 in	 the	Brazilian	margin	by	
CSIA-Bh.	 By	 using	 “end-member”	 oil	 samples	 related	 to	 the	 six	 sources	 originally	
determined	 by	 geological	 considerations	 and	biomarkers	 it	was	 determined	 that	 the	 oils	
generated	from	each	of	them	show	unique	hopane	isotope	ratio	trends.	The	hopane	isotope	
ratios	 for	 the	 different	 oil	 types	 cover	 a	 range	 from	 about	 -17	 to	 -51	‰,	 extending	 the	
known	isotope-ratio-range	for	any	compounds	ever	reported	from	petroleum.	The	sources	
of	 co-sourced	 oil	 can	 be	 determined	 by	 concomitant	 use	 of	 both	 CSIA-Bh	 and	 advanced	
analysis	of	large	diamondoid	molecules	(i.e.,	QEDA,	see	Moldowan,	et	al.,	2015)	
	
Interpreting	Hopane	Isotope	Ratios	in	Crude	Oil	
	
	 Hayes	et	al.	 (1990)	suggested	a	model	 for	water	column	stratification	and	chemistry	
that	 could	produce	 a	 great	 diversity	of	 isotopic	 variations	 in	 biomarkers.	 In	 Figure	 1	we	
show	an	array	of	variations	in	hopane	isotope	ratios	obtained	from	Brazilian	oil	samples	by	
CSIA-Bh	 using	 segregated	 hopane	 fractions.	 Based	 on	 analysis	 by	 gas	 chromatography-
mass	spectrometry-mass	spectrometry	(GC-MS-MS)	of	biomarkers	and	other	geochemical	
data	and	geological	inferences	the	hopane	isotope	ratio	trends	have	been	linked	to	certain	
depositional	environments	found	to	have	occurred	in	the	Brazilian	basins.	In	line	with	the	
Hayes	 model,	 one	 might	 suppose	 that	 the	 isotopically	 lightest	 hopanes	 have	 been	
contributed	 by	 methanotrophs	 using	 methane	 as	 a	 carbon	 source	 and	 that	 a	 stable	
stratified	water	column	facilitated	the	process.	It	is	interesting	to	note	that	13C	depletion	is	
strongest	 for	 30-norhopane	 (down	 to	 -51	‰)	 suggesting	 origins	 dominated	 by	 different	
bacteria	compared	with	the	higher	hopane	homologs	in	the	same	oil	sample,	which	can	be	
as	much	as	12	‰	heavier.	In	contrast,	relatively	heavy	(up	to	-17	‰)	and	virtually	flat	C-
isotope	trend	lines	are	observed	for	some	oil	samples	generated	from	marine	source	rocks.	
Such	distributions	suggest	those	hopanes	were	produced	predominantly	by	cyanobacteria	
using	relatively	heavy	CO2	for	photosynthesis	in	a	water	system	where	a	significant	stable	
stratification	to	full	anoxia	had	not	occurred.			
	
	 It	is	also	interesting	to	note	the	C-isotope	ratios	for	gammacerane	are	as	much	as	23	
‰	heavier	 than	 that	of	30-norhopane	 in	 the	 same	oil	 sample.	The	bacterivorous	 ciliates	
that	produce	the	proposed	precursor	of	gammacerane,	tetrahymanol	(Damsté	et	al.,	1995),	
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must	not	 be	 feeding	primarily	on	 those	bacteria	 that	produced	 the	preponderance	of	 the	
isotopically	light	hopanes	in	the	same	water	systems.			
	

	
	
Figure	1	Applications	of	compound	specific	isotope	analysis	of	biomarkers/hopanes	(CSIA-
Bh)	for	end-member	oil	samples	from	fields	in	the	Brazil	Atlantic	Margin.	The	wide	range	of	
hopane	isotope	ratios	obtained	from	these	oil	types	can	be	applied	to	determine	the	source	
of	any	oil	having	sufficient	hopanes	to	make	the	CSIA	measurement.	The	hopanes	must	first	
be	segregated	by	a	combination	of	liquid	chromatography	and	adsorption	and	release	from	
a	 variety	 of	 zeolites	 in	 order	 to	 obtain	 fractions	 pure	 enough	 for	 isotope	 ratio	
measurements	 by	 gas	 chromatography-isotope	 ratio	 mass	 spectrometry	 (GC-IRMS).	 CO2	
recycled	 in	 an	 anoxic	 water	 column	 results	 in	 depletion	 of	 the	 13C	 relative	 to	 12C	 and	
isotopically	 heavy	 CO2	 which,	 when	 used	 as	 a	 carbon	 source	 for	 anaerobic	 bacteria	 can	
result	 in	 isotopically	 light	 hopanes.	 	 Oils	 from	 source	 rocks	 deposited	 in	 lacustrine	

Biomarker Analyzed

C-
is

ot
op

e 
Ra

tio
, ‰

Marine Anoxic Turonian

Marine Anoxic Albian

Marine-lacustrine Mix?

Lacustrine-saline 

Lacustrine-fresh-
brackish

Lacustrine 
hypersaline 



 85 

hypersaline	depositional	environments	show	extremely	light	C29-hopane	which	is	believed	
to	derive	from	the	use	of	biogenic	methane	as	a	carbon	source	for	methanotrophs.	A	deep	
stable	 highly	 anoxic	 zone	 in	 a	 stratified	 water	 column	 may	 segregate	 and	 preserve	 the	
hopanes	 coming	 from	 anaerobic	 bacteria	 from	 those	 of	 cyanobacteria,	 which	 can	 be	
reworked	and	re-oxidized	near	the	top	of	the	water	column.	
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